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Economic Analysis of Methane Emission Reduction Potential from Natural Gas Systems
Executive Summary

1. Executive Summary

Our Nation’s Energy Future Coalition (ONE Future) ! commissioned ICF to conduct this analysis of the
marginal abatement cost (MAC) of various methane emission abatement technologies and work
practices for the natural gas industry. The goal of this MAC analysis is threefold: (1) to identify the
emission sources that provide the greatest opportunity for methane emission reduction from the
natural gas system, (2) to develop a comprehensive listing of known emission abatement technologies
for each of the identified emission sources, and (3) to calculate the cost of deploying each emission
abatement technology and to develop a MAC curve for these emission reductions. The findings of this
report will be utilized by ONE Future to develop segment-specific methane emission reduction goals
that, when combined, will achieve a collective 1% (or less) emission target in the most cost-effective
manner. This report will also assist each ONE Future member to customize its abatement strategy to fit
its particular emission profile.

This analysis is based on a MAC curve model developed by ICF for the Environmental Defense Fund
(EDF) in 2014. The current study incorporates more recent information on emissions and equipment
costs and modified assumptions provided by the One Future participants. Appendix A summarizes and
compares the key assumptions and results for the two studies. The study utilized the following
approach:

m The baseline for methane emissions from the natural gas sector was established as the U.S. EPA
Inventory of Greenhouse Gas Emissions for 2012 to match the baseline year employed in the U.S.
methane emissions reduction goals.?

B Areview of existing literature and additional analysis was conducted to identify the largest emission
reduction opportunities; a cost-benefit estimate for each of the mitigation technologies was
calculated.

m Interviews with One Future members, industry, technology innovators, and equipment vendors
were conducted with a specific focus on identifying additional mitigation options and characterizing
the cost and performance of the options.

m Information from the analysis was used to develop MAC curves for the methane reduction
opportunities.

The analysis estimates reductions for each segment of the natural gas industry. The MAC analysis
identified reductions totaling 88.3 Bcf/year of methane at a total annualized cost of $296 million or
$3.35/Mcf of methane reduced for all segments except the distribution segment. The reductions for the
distribution segment were calculated separately, and total 8.9 Bcf. An additional 12.3 Bcf of reductions
were projected for the application of reduced emission completions for gas wells with hydraulic

1 ONE Future is a coalition of companies that aims to achieve an average rate of methane emissions across the entire natural
gas value chain that is one percent or less of total natural gas production.

2 This analysis was completed prior to the updates to the methodologies incorporated into the U.S. Greenhouse Gas Inventory
(GHGI) on April, 15, 2016.
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fracturing. This was not required in 2012 but is now legally required, and was therefore included as a
reduction from the baseline but not as part of the MAC analysis. This brings the total industry-wide
methane reduction to 109.5 Bcf from the 2012 baseline emissions.
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2. Approach and Methodology

2.1. Overview of Methodology
This section provides an overview of the methodology applied for this study. The major steps were:

m  Establish the 2012 Baseline for analysis — the analysis started with the U.S. EPA inventory of
methane emissions in the EPA Inventory of U.S. GHG Emissions (GHGI) published in April 2014 with
data for 20123. The most recent edition of the Inventory, released in April 2016, includes significant
revisions, which are not included in this analysis. ICF expects future inventories will be updated to
incorporate additional emissions and activity data collected from activities include:

¢ Greenhouse Gas Reporting Program (GHGRP) inventory data collected in 2016 from companies
in the gathering and boosting segment;

¢ Information Collection Request (ICR)* for additional regulations, which will require operators to
provide key activity and emissions data; and

¢ Private and Government-sponsored scientific studies, including several multi-million dollar
research projects focused on methane emissions from oil and gas operations sponsored by
Department of Energy®

Potential future updates to the GHGI may require a future update of this analysis to include those
changes.

m Identification of major sources and key mitigation options — the next step was to identify the
largest emitting sources in the inventory and the mitigation options that would be most effective
and cost-effective for these sources.

m  Characterization of emission reduction technologies — a key part of the study was to review and
update information on the cost and performance of the selected mitigation technologies.
Information was gathered from ONE Future Members, equipment manufacturers, other oil and gas
companies, and other knowledgeable parties.

= Development of the marginal abatement cost curves — the technology information was applied to
the emissions inventory to calculate the potential emission reduction and cost. The results were
displayed in a series of marginal abatement cost curves.

The analysis calculates the annualized cost of emission reductions based on the capital and operating
costs of the emission reduction technologies and the value of recovered gas in the production segment.
This annualized cost is divided by the emission reductions to calculate the primary figure of merit -

3 U.S. EPA, “Inventory of U.S. Greenhouse Gas Emissions And Sinks: 1990-2012”,
http://www.epa.gov/climatechange/ghgemissions/usinventoryreport.html

4 https://www3.epa.gov/airquality/oilandgas/methane.html

5 http://www.netl.doe.gov/research/oil-and-gas/project-summaries/natural-gas-resources
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S/unit of emissions reduced. This is expressed as S/Mcf methane reduced, $/tonne methane reduced, or
S/tonne CO;, equivalent reduced. This figure of merit is consistent with the format used in other
pollution control programs (SO,, NOy, VOC, etc.), which typically focus on S/ton of pollutant reduced.

In the 2014 report for EDF, ICF concluded that the weighted average methane reduction cost was
$0.66/Mcf of methane reduced. The annual costs were also presented as normalized by gross natural
gas production, dividing the annual cost by total U.S. natural gas production. Since methane emissions
are only a few percent of total production, this value is very small — less than $0.01/Mcf of gas produced
in the U.S., depending on the specific assumptions. However this second metric is different from the
approach typically used by industry and regulators to characterize the cost-effectiveness of emission
reduction technologies and should not be compared to a $/unit of methane reduced. In addition, the
ONE Future sponsor companies reported that the metric that focuses on methane reduced is more
useful to companies operating in different segments in assessing technologies and opportunities at new
and existing facilities within each segment. Therefore, this report employs only the more commonly
used weighted annual cost per methane reduced.

2.2. ldentification of Targeted Emission Sources

Table 2-1 summarizes the largest emitting source categories for the oil and gas sectors by major source
category in the EPA inventory for 2012. Due to the lack of specific data on the emission sources for
offshore oil and gas production, the study focused on onshore production and offshore emissions are
excluded from this list. The top 24 source categories account for nearly 90% of the total 2012 onshore
methane emissions of 353 Bcf and were the primary focus of this analysis. The remaining 100+
categories each account for 1% or less of the total emissions. Although there are demonstrated
methane reduction technologies that can provide cost-effective reductions for many of these smaller
sources, these source categories were not included in this analysis due to their relative minor
contribution to the overall emissions and reduction opportunity. In addition, the 2014 inventory for
2012 has a limited representation® of the gathering segment and therefore the analysis likely does not
represent the full potential reductions that could be achieved from this segment.

The distribution of emission sources is shown in Table 2-1 and Figure 2-1. Fugitive emissions are the
largest emission source category overall across the oil and natural gas systems. Vented emissions from
pneumatic controllers and pumps, and venting from wet seal centrifugal compressors are some of the
significant methane emissions venting sources from the natural gas industry. Completion emissions from
hydraulic fracturing were a significant source at this time however have since been regulated.

6 See Table 1, Inventory of U.S. GHG Emissions and Sinks: Revision Under Consideration for Gathering and Boosting Emissions,
February 2016
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Table 2-1 - Highest (Top-24) Emitting Onshore Methane Source Categories

2012
2012 . . . .
Source Emissions Cumulative | Emissions | Percent | Cumulative Tvoe*
Bcf (MM | of Total % yp
(Bcf)
tonnes)

Reciprocating Compressors-Fugitives 56.6 56.6 1.1 16% 16% F
Intermittent Bleed Pneumatic Devices 28.5 85.1 0.5 8% 24% Vv
Engine Exhaust 26.6 111.7 0.5 8% 32% \Y
Centrifugal Compressors (wet seals) 20.2 131.9 0.4 6% 37% \"
Meter and Regulator Stations 19.9 151.9 0.4 6% 43% F
High Bleed Pneumatic Devices 15.4 167.3 0.3 4% 47% Vv
Reciprocating Compressors-Rod Packing 144 181.7 0.3 4% 51% \
Gas Well Completions with Hydraulic 13.1 194.8 0.3 4% 55% Vv
Fracturing
Oil Well tanks 12.6 207.4 0.2 4% 59% \Y
Regulators 9.4 216.7 0.2 3% 61% Vv
Kimray Pumps 8.8 2255 0.2 2% 64% \Y
Station Venting 8.4 233.9 0.2 2% 66% \Y,
Liquids Unloading (without plunger lifts) 8.0 241.9 0.2 2% 69% Vv
Station Fugitives 7.9 249.8 0.2 2% 71% F
Mains—Cast Iron 7.7 257.5 0.1 2% 73% F
Intermittent Bleed Pneumatic Devices - 7.4 264.9 0.1 2% 75% \Y
Dump Valves
Mains—Unprotected steel 6.7 271.6 0.1 2% 77% F
Condensate Tanks without Control 6.6 278.2 0.1 2% 79% Vv
Devices
Services—Unprotected steel 6.4 284.6 0.1 2% 81% F
Mains—Plastic 6.3 290.9 0.1 2% 82% F
Liquids Unloading (with plunger lifts) 6.2 297.1 0.1 2% 84% Vv
Chemical Injection Pumps 5.7 302.8 0.1 2% 86% \Y
Residential Meters 4.9 307.7 0.1 1% 87% \Y
Pipeline venting 4.4 3121 0.1 1% 88% \

e F=Fugitive V=Vented
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Figure 2-1 - 2012 Onshore Emissions (Bcf) from EPA Inventory
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2.3. Selected Mitigation Technologies

The following sections describe the mitigation measures included in this analysis to address the high-
emitting source categories identified in Table 2-1. The smaller sources individually were judged to have
an insignificant effect on the overall emissions analysis even if cost-effective mitigation technologies
were available. Much of the cost and performance data for the technologies is based on information
from the EPA Natural Gas STAR program’ but was updated and augmented with information provided by
industry and equipment vendor sources consulted during the EDF study. Further updates and
information were provided by ONE Future members for this study.

This analysis attempts to define reasonable estimates of average cost and performance based on the
available data and experiences of operators, including ONE Future members. The costs and performance
of an actual individual project may not be directly comparable to the averages employed in this analysis
because implementation costs and technology effectiveness are highly site-specific. Some technologies,
like the efficiency of plunger-lifts for liquids unloading to reduce emissions, depend on the operating
conditions of the well. Further, certain low-production or lower utilized compressor stations may have
lower emissions. Costs for specific actual facilities could be higher or lower than the averages used in
this analysis.

Several of the sources identified in Table 2-1 do not have commercially available mitigation technologies
(e.g., engine exhaust) or are not currently cost-effective (e.g. cast iron main replacement). ICF analyzed
various mitigation options for each of the 24 sources based on cost, reduction potential and market-
penetration and considered 16 sources and mitigation measures for further modeling and evaluation.

Table 2-2 summarizes the mitigation measures applied in the analysis for each of the 16 major emission

sources.
Table 2-2 - Summary of Mitigation Measures Modeled
‘ Source ‘ Mitigation Measure
Condensate Tanks w/o Control Devices Install vapor recovery units
Wellhead Oil Tanks w/o Control Devices Install vapor recovery units
Liquids Unloading - Wells w/o Plunger Lifts Install plunger lift systems in gas wells
High Bleed Pneumatic Devices Early replacement of high-bleed devices with low-bleed
devices
Intermittent Bleed Pneumatic Devices Replace with instrument air systems — intermittent
Chemical Injection Pumps Replace pneumatic chemical injection pumps with Solar
electric pumps
Kimray Pumps Replace Kimray pumps with electric pumps

7 http://www.epa.gov/gasstar/
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Source ‘ Mitigation Measure
Pipeline Venting Pipeline pump-down before maintenance
Centrifugal Compressors (wet seals) Wet seal gas capture or dry seals
Transmission Station Venting Redesign blowdown systems and alter ESD practice
Gas Well Completions - with Fracturing Install flares — portable
Reciprocating Compressor Rod Packing Replacement of compressor rod packing systems
Reciprocating Compressor Fugitives® Leak detection and repair (LDAR)®
Compressor Station Fugitives'® Leak detection and repair (LDAR)
Well Fugitives Leak detection and repair (LDAR)
Gathering Station Fugitives Leak detection and repair (LDAR)

8 Includes blowdown and unit isolation valves, connectors, other valves, meters, open-ended lines, and PRVs that are
associated with the compressors.

9 LDAR here is used generically to mean a wide range of leak detection, inspection, and repair activities.

10 |ncludes valves, connectors, meters, open-ended lines, and pressure reducing valves (PRVs) that are located throughout the
station and not associated with the compressors.
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Table 2-3 summarizes the key characteristics (i.e. capital costs, operating costs and reduction efficiency)
of the 16 measures modeled. (The assumptions and analytical approach for LDAR are addressed further
below.) The costs are for U.S. Gulf Coast and are adjusted by regional cost factors in the MAC curve
analysis in Section 3. The sources and derivation of these values are listed in Appendix B. Table 2-4
shows the baseline cost effectiveness (S/Mcf, tonnes, or CO,e of methane removed) for each measure
modeled with and without credit for any recovered gas. The credit applies where emission reduction
measures result in gas being recovered by the company. In the production segment, gas that is
recovered can be sold and therefore has an economic value. In that case, the value of recovered gas is
subtracted from the annual operating costs.

In the transmission and distribution segments, rate regulation typically requires pipeline and distribution
companies to pass any cost reductions, including reduced losses, along to customers, thus the
companies typically cannot capture the financial benefit of recovered gas. The contractual provisions for
gathering, processing, and storage are variable but the ONE Future members reported that these
companies typically do not take ownership of the gas but rather are paid a fee for their service. Reduced
losses could result in increased throughput and increased recovery of the fee (which is much less than
the value of the gas itself) but only if the metering point is downstream of the potential gas recovery.
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Table 2-3 - Summary of Mitigation Measure Characteristics (Gulf-Coast Cost Basis)

Mitigation strategy

Capital ‘Operating Percent

Cost Cost Reduction
Early replacement of high-bleed devices with low-bleed $3,000 S0 78%
devices
Replacement of Reciprocating Compressor Rod Packing $6,600 S0 31%
Systems
Install Flares-Portable $30,000 $6,000 98%
Install Plunger Lift Systems in Gas Wells $20,000 $2,400 95%
Install Vapor Recovery Units $50,636 $9,166 95%
Replace Pneumatic Chemical Injection Pumps with Solar $5,000 $75 100%
Electric Pumps
Replace Kimray Pumps with Electric Pumps $10,000 $2,000 100%
Pipeline Pump-Down Before Maintenance S0 $30,155 80%
Redesign Blowdown Systems and Alter ESD Practices $15,000 SO 95%
Wet Seal Degassing Recovery System for Centrifugal $70,000 S0 95%
Compressors
Replace with Instrument Air Systems - Intermittent $60,000 $17,770 100%

The members also reported that the metering for most of these facilities is at the entry point of the
facility, thus preventing the operator from capturing the value of recovered gas. Based on this
information, the value of recovered gas was included only for the production sector in this study. This is
a change from the 2014 EDF study. The gas price was assumed to be $3/Mcf, reduced by 25% to
account for royalties and fees, for a net value of $2.25/Mcf*2,

11 E|A Short Term Energy Outlook, March 9, 2016, Henry Hub spot prices are forecast to average $3.11/MMBtu in 2017.
12 A fuel price sensitivity analysis is included in Appendix A.

ICF International 2-8 May 2016



Economic Analysis of Methane Emission Reduction Potential from Natural Gas Systems

Table 2-4 — Calculated Emission Reduction Cost per Mitigation Technology or Practice (Gulf Coast Cost Basis)

$/tonne $/tonne $/tonne S/tonne

S/Mcf* S/Mcf

wl redit | wio Credit| ol | Gt | wiredie | it

Early replacement of high-bleed devices with low-bleed devices $4.91 $7.61 $257.01 $398.49 $10.28 $15.94
Replacement of Reciprocating Compressor Rod Packing Systems $3.36 $6.06 $175.90 $317.39 $7.04 $12.70
Install Flares-Portable $0.20 $0.20 $10.37 $10.37 $0.41 $0.41
Install Plunger Lift Systems in Gas Wells $2.33 $5.03 $121.81 $263.30 $4.87 $10.53
Install Vapor Recovery Units -$0.82 $1.89  -$42.72 $98.76 $1.71 $3.95
Replace Pneumatic Chemical Injection Pumps with Solar Electric
Pumps $2.16 $4.86 $112.90 $254.38 $4.52 $10.18
Replace Kimray Pumps with Electric Pumps $1.79 $0.91 -$93.98 $47.50 $3.76 $1.90
Pipeline Pump-Down Before Maintenance $1.14 $3.84 $59.70 $201.19 $2.39 $8.05
Redesign Blowdown Systems and Alter ESD Practices -$4.10 $0.98  -$214.62 $51.27 $8.58 $2.05
Wet Seal Degassing Recovery System for Centrifugal Compressors $2.38 $0.32  -$124.57 $16.91 -$4.98 $0.68
Replace with Instrument Air Systems - Intermittent -$1.46 $1.24 -$76.49 $65.00 -$3.06 $2.60

* Gas recovery credit is applied only for the Production Segment

** GWP=25
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The annual cost was calculated as the annual amortized capital cost over the equipment life plus annual
operating costs. This was divided by annual methane reductions to calculate the cost-effectiveness
without credit for recovered gas. Where gas can be recovered and monetized by the operating
company, the value of that gas was subtracted from the annual cost to calculate the cost-effectiveness
with credit for recovered gas. The costs shown here are the baseline costs, which are adjusted for
regional cost variation in the later MAC analysis. As noted earlier, these are average costs that may not
reflect site-specific conditions at individual facilities.

Fugitive emissions are the unplanned loss of methane from pipes, valves, flanges, and other types of
equipment. Fugitive emissions from reciprocating compressors, compressor stations (transmission,
storage, and gathering), wells, and LDC metering and regulator equipment are the largest combined
emission category, accounting for over 30% of the highlighted sources. The potential size and nature of
these fugitive emissions can vary widely by industry segment and even by site.

Leak Detection and Repair (LDAR) is the generic term for the process of locating and repairing these
fugitive leaks. There are a variety of techniques and types of equipment that can be used to locate and
guantify these fugitive emissions. The analysis of LDAR cost and effectiveness for this study is a little
different from the treatment of other measures because it is largely a function of labor required for
inspections and repairs.

Extensive work has been done by EPA and others to document and describe these techniques, both in
the Gas STAR reference materials and in several regulatory analyses, including for the EPA’s NSPS
Subpart 0000 and the Colorado Air Quality Control Commission Regulation Number 7 (5 CCR 1001-
9), This study used both the Colorado regulatory analysis and the EPA Technical Support Document
(TSD) > for NSPS Subpart OO0O as the basis for the analytical framework. Additional cost information
was provided by ONE Future members.

The key factors in the analysis are how much time it takes an inspector to survey each facility, how many
inspections are required each year, how much reduction can be achieved, and how much time is
required for repairs. ICF adapted the structure (but not all of the specific inputs) of the Colorado
analysis, which calculates the capital and labor cost to field a full-time inspector, including allowances
for travel and record-keeping (Table 2-5). Specific cost factors were updated based on input from the
ONE Future member companies. The combined hourly cost was the basis for the cost estimates. The
capital cost includes a variety of leak detection and measurement equipment, a truck and the cost of a
record-keeping system. These are estimated average costs and are highly variable depending on site-

13 http://www.epa.gov/airquality/oilandgas/

14 http://www.colorado.gov/cs/Satellite/CDPHE-AQCC/CBON/1251647985820

15 U.S. EPA, “Oil and Natural Gas Sector: Standards of Performance for Crude Oil and Natural Gas Production, Transmission, and

Distribution. Background Supplemental Technical Support Document for the Final New Source Performance Standards”.
http://www.epa.gov/airquality/oilandgas/pdfs/20120418tsd.pdf
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specific conditions and scale. In addition, the Gathering and Boosting segment is included in the

Production segment in these analysis due to the design of the EPA inventory.

Table 2-5 - LDAR Hourly Cost Calculation

Labor
Inspection Staff $86,155
Supervision (@ 20%) $17,231
Overhead (@10%) $8,616
Travel (@0%) SO
Recordkeeping (@5%) $4,308
Reporting (@0%) S0
Fringe (@50%) $43,078
Subtotal Costs $159,387
Hours/yr. 1880
Hourly Rate $84.78
Training Hours 80
Training Dollars $6,782

Capital and Initial Costs

FLIR Thermal Camera

Remote Methane Leak

Detector (RMLD)

Photo lonization Detector

Flame lonization Detector

Hi-Flow Sampler
Miscellaneous
Truck

Monitoring system
Total

Training Dollars

Amortized
Capital+Training

Annual Labor

Annual Total

Total Hourly Rate

$122,200

$20,000
$5,000
$12,000
$21,450
$3,000
$22,000
$14,500
$220,150
$6,782

$59,864
$207,203
$267,067

$142.06

Many analyses have used facility component counts and historical data on the time required to inspect

each component to estimate facility survey times. However, the use of the infrared camera technology

allows much shorter survey times!® and the EPA and Colorado time estimates have been criticized as too

long. The estimates here are based on ICF and ONE Future company experience. ICF added additional

time for training relative to the Colorado analysis.

ICF then adopted the baseline emission values for wells, gathering and transmission stations, and
processing stations from the EPA NSPS analysis'®. The 2014 EDF analysis had very limited data for LDC

16 Robinson, D, et. al., “Refinery Evaluation of Optical Imaging to Locate Fugitive Emissions”. Journal of the Air & Waste

Management Association. Volume 57 June 2007.
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programs and resulted in very high reduction costs. Since a different approach was taken for the LDC
segment in this analysis (see below) LDCs were not included here.

Table 2-6 summarizes the assumptions for the overall LDAR calculation. This analysis assumes annual
emission surveys for all facilities. The reduction is assumed to be a 40% reduction, consistent with the
experience of ONE Future members. In addition to the surveys, the estimate includes one initial visit to
each site to inventory the equipment (equivalent hours to two inspection visits for each site with cost
averaged over five years) and additional visits for repairs. Gas processing plants are already subject to
some LDAR requirements for conventional pollutants, which result in co-benefit methane reductions.
The miscellaneous fugitive emissions for gas processing were below the size threshold for this analysis
but the costs developed here for gas processing are applied to compressors in that segment.

Table 2-6 — Cost Calculation — Annual LDAR

Well Pads | Processing | Transmission

Methane Mcf/yr?® 3,057 5,986 3,605
% Reduction 40% 40% 40%
Reduction Mcf 1,223 2,394 1,442

Hours each Inspection (includes survey,
travel, recordkeeping, review and

training) 5.5 40 32
Frequency (per year) 1 1 1
Annual Inspection Cost $781 $5,682 $4,546
Initial Set-Up $156 $1,136 $909
Repair Labor Cost $781 $5,682 $4,546
Total Cost/yr $1,719  $12,501 $10,001
Recovered Gas Value* $3,303 NA NA
Net Cost $1,584  $12,501 $10,001
Cost Effectiveness ($/Mcf CH, reduced) -$1.30 $5.22 $6.94

*Gas at $3/Mcf minus royalty = $2.25/Mcf

Some repairs can be made at the time of the survey, such as tightening valve packing or flanges, but
others will require additional repair time. This analysis assumes repair time equivalent to one survey
visit for each facility for repairs each year. The capital cost of larger repairs is not included on the
assumption that these repairs would need to be made anyway and the LDAR program is simply alerting
the operator to the need. This lower repair estimate takes into account that:
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m These are average values across facilities — not every facility will require repairs.

m These are average values over time — not every facility will need repairs every year while being
monitored on a continuing basis.

m  Some or all of cost of major repairs is assumed to be part of regular facility maintenance.

Replacement costs for large diameter, high pressure components are significantly greater than these
average annual repair costs. The replacement frequency for large diameter, high pressure components
at any individual facility cannot be accurately predicted or estimated.

The value of reduced gas losses is credited to the program for production only. These final reduction
cost values were used for the analysis.

2.4. Treatment of LDC Reductions

The 2014 EDF study found that methane emission reductions from LDCs were extremely expensive,
mostly due to the low baseline emissions and the high capital cost of some options, such as cast iron
pipe replacement. Cast iron mains have been identified is a significant emission source, however they
are primarily located in congested urban areas where replacement or repair is very expensive, reported
as $1 million to $3 million per mile. This makes for a very expensive control option based purely on
emission reduction. Moreover, these expenditures must be approved by state utility commissions,
whose purview typically does not extend to environmental remediation of this type. That said,
approximately 3% of cast iron mains are being replaced each year for safety reasons, so the emissions
are gradually declining.

For this study, a separate analysis of emission reductions was developed for the LDC segment to account
for reductions that will be undertaken even though they may not be cost-effective as emission control
measures alone. The analysis assumed three types of activities:

m  Castiron main replacement at 3% per year

m  Unprotected steel pipe replacement at 3% per year

m  Miscellaneous other emission reduction measures such as: service line replacement, blowdown gas
recovery, hot tapping, M&R Station upgrades, and dig-in mitigations, assumed to be 6% of the
remaining emissions (excluding cast iron and unprotected steel mains) between 2012 and 2025.

Using the baseline emissions and the emission factors from the EPA 2012 inventory, these emission
reductions were calculated as:

m Castiron main replacement — 2.9 Bcf

m  Unprotected steel pipe replacement — 2.5 Bcf

®  Miscellaneous other emission reduction measures — 3.5 Bcf
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2.5. Completion Emissions from Hydraulic Fracturing

Gas well completion emissions from hydraulic fracturing were estimated at 13.1 Bcf in the 2012
inventory. These emissions were regulated during the second half of 2012 and are assumed to be
controlled going forward. Therefore they are not included in the MAC analysis but are counted as a
reduction of 12.3 Bcf in the overall reductions from the base year.

2.6. Source Categories Not Addressed

Several source categories with relatively large emissions were not addressed in the analysis. The sources
and the reasons for their treatment are summarized below.

m  Off-shore oil and gas production — As noted earlier, the EPA inventory provides very limited data on
offshore emissions, which were not adequate to apply the methodology used for other sources. This
is an area in which further analysis would probably yield additional opportunities for reduction.

m  Engine exhaust — The exhaust from gas-burning engines and turbines contains a small amount of
unburned methane from incomplete combustion of the fuel. While it is a small percentage, it is
significant in aggregate. Oxidation catalyst devices are used to reduce unburned emissions of other
hydrocarbons in the exhaust but they are not effective at reducing emissions of methane due to its
lower reactivity. However, new catalysts are being developed, in part for natural gas vehicles, which
may be applicable to these sources. This is a topic for further research and technology deployment.

m  Other sources — There are additional cost-effective measures for methane reduction that have been
identified by the EPA Gas STAR program and others. They are not included here because this report
focuses only on the largest emitting sources. However, their omission should not be taken to
indicate that the measures listed here are the only cost-effective methane reduction measures.

®  Gathering and Boosting — The gathering and boosting segment is not called out as a separate
segment in the 2014 edition of the EPA inventory for 2012 and therefore was not addressed as a
separate source of potential reductions in this study. The 2016 edition has developed new emission
factors and significantly increased the activity counts in the gathering segment, however these
higher emissions and potential reductions were not included in this analysis, which was completed
prior to that release. Since the GHGRP now mandates reporting of emissions data from such
facilities, and with the data to be gathered by EPA pursuant to the ICR process, we expect further
updates in future GHGI releases. Further, several key government-sponsored studies of emissions
from gathering and boosting facilities will be published by the end of 2016. All of this data will
support future updates to the methane emissions profile from this segment and available
abatement potential.
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3. Analytical Results

3.1. Development of Emission Control Cost Curves

Section 2 identified 16 discrete control technologies and the associated costs, reduction potential, and
cost-effectiveness in terms of annualized cost per ton or Mcf of methane reduced based on Gulf Coast
region capital costs. In this Section 3, we model the cumulative reductions and marginal abatement
costs from a 2012 U.S. methane emissions baseline for the oil and natural gas sector, employing the
technology-level data generated in Section 2. Employing data from the EPA 2012 Greenhouse Gas
Inventory and source/control technology data presented in Section 2, adjusted for regional cost
differences, ICF computed the methane abatement potential from the natural gas sector from a 2012
baseline.

The model developed for this task includes the individual source categories for each segment of the oil
and gas industry. Mitigation technologies are matched to each source or individual measure in various
segments of the oil and gas value chain. The model calculates the reduction achieved for each source
within each segment and calculates the cost of control based on the capital and operating costs, the
equipment life, and where appropriate, the value of recovered gas. Key global input assumptions
include: whether a particular segment is able to monetize the value of recovered gas, the value of gas,
and the discount rate/cost of capital. As discussed above, the value of recovered gas was included only
for the production segment and the gas price was assumed to be $3/Mcf minus 25% for royalties and
fees, for a net value of $2.25/Mcf. A 10% discount rate was used for the analysis. These calculations
include two factors that were not included in the baseline costs presented in Section 2:

B A construction cost index is used to account for regional cost differences, which averages 15%
higher than the baseline Gulf Coast costs.

m  The methane content is adjusted depending on whether the application is upstream or downstream
in the value chain. This adjustment affects the value of recovered gas where the gas value can be
monetized.

These two factors result in some of the costs in the MAC curve results presented in this chapter being
higher than the baseline costs presented in Section 2. These and other key assumptions are listed in
Appendix A.

Table 3-1 lists the emission reduction measures by industry segment with their reduction and cost,
depicted in several formats. The total reduction is 88.3 Bcf/year of methane from the U.S. oil and gas
segment at a total annualized cost of $296 million or $3.35/Mcf of methane reduced from the 2012
baseline. The reductions for the LDC segment calculated separately total 8.9 Bcf and the reductions from
reduced emission well completions result in a total reduction of 109.5 Bcf of methane reduction.
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Table 3-1 — Annualized Methane Reduction and Cost — U.S.

Segment - Mitigation Option Bcf CH,4 Gg CH4 MMTonnes S/Mcf CHq S/Mcf Natural S/Tonne
Reduced Reduced CO2e Reduced Gas Reduced CO2e

Gas Processing - LDAR Processing 141.8 $5.98 $4.98 $12.43
Gas Processing - Replace Kimray Pumps with

Electric Pumps 0.1 2.5 0.1 $1.04 $0.87 S2.16
Gas Processing - Replacement of Reciprocating

Compressor Rod Packing Systems 0.3 6.0 0.2 $6.94 $5.78 $14.42
Gas Processing - Wet Seal Degassing Recovery

System for Centrifugal Compressors 7.5 144.7 3.6 $0.37 $0.31 $S0.77
Gas Production - Early replacement of high-

bleed devices with low-bleed devices 5.3 101.9 2.6 $6.02 $5.23 $12.50
Gas Production - Install Plunger Lift Systems in

Gas Wells 2.3 439 1.1 $3.06 $2.66 $6.35
Gas Production - Install Vapor Recovery Units 1.6 30.1 0.8 (50.54) (50.47) (51.12)
Gas Production - LDAR Wells 3.3 64.2 1.6 ($1.09) ($0.95) ($2.26)
Gas Production - Replace Kimray Pumps with

Electric Pumps 4.3 81.8 2.1 ($1.66) ($1.45) ($3.45)
Gas Production - Replace Pneumatic Chemical

Injection Pumps with Solar Electric Pumps 2.7 51.4 1.3 $2.86 $2.49 $5.95
Gas Production - Replacement of Reciprocating

Compressor Rod Packing Systems 0.6 11.2 0.3 $4.24 $3.69 $8.81
Gas Storage - Early replacement of high-bleed

devices with low-bleed devices 0.1 1.8 0.0 $8.72 $8.14 $18.11
Gas Storage - LDAR Transmission 2.9 56.2 1.4 $7.95 $7.42 $16.51
Gas Storage - LDAR Wells 0.2 4.4 0.1 $1.61 $1.50 $3.35
Gas Storage - Redesign Blowdown Systems and

Alter ESD Practices 1.2 23.4 0.6 $1.12 $1.05 $2.33
Gas Storage - Replace with Instrument Air

Systems - Intermittent 0.1 2.2 0.1 $1.42 $1.33 $2.95
Gas Storage - Replacement of Reciprocating

Compressor Rod Packing Systems 0.4 6.9 0.2 $6.94 $6.49 $14.42
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Segment - Mitigation Option Bcf CH,4 Gg CHq MMTonnes S/Mcf CHy S/Mcf Natural S/Tonne
Reduced Reduced CO2e Reduced Gas Reduced CO2e

Gas Storage - Wet Seal Degassing Recovery

System for Centrifugal Compressors 0.8 14.5 0.4 $0.37 $0.35 $0.77
Gas Transmission - Early replacement of high-

bleed devices with low-bleed devices 0.5 9.5 0.2 $8.72 $8.14 $18.11
Gas Transmission - LDAR Transmission 14.0 268.5 6.7 $7.95 $7.42 $16.51
Gas Transmission - Pipeline Pump-Down Before

Maintenance 2.8 53.9 1.4 $4.40 $4.11 $9.14
Gas Transmission - Redesign Blowdown

Systems and Alter ESD Practices 6.4 122.5 3.1 $1.12 $1.05 $2.33
Gas Transmission - Replace with Instrument Air

Systems - Intermittent 0.6 11.2 0.3 $1.42 $1.33 $2.95

Gas Transmission - Replacement of
Reciprocating Compressor Rod Packing

Systems 1.8 354 0.9 $6.94 $6.49 $14.42
Gas Transmission - Wet Seal Degassing

Recovery System for Centrifugal Compressors 7.4 141.6 3.6 $0.37 $0.35 $0.77
Oil Production - Early replacement of high-

bleed devices with low-bleed devices 4.6 88.5 2.2 $6.02 $5.01 $12.50
Oil Production - Install Vapor Recovery Units 6.0 114.7 2.9 (50.54) (50.45) (51.12)
Oil Production - LDAR Wells 0.0 0.3 0.0 (51.09) (50.91) (52.26)
Qil Production - Replace Pneumatic Chemical

Injection Pumps with Solar Electric Pumps 1.9 36.1 0.9 $2.86 $0.00 $5.95
Oil Production - Replace with Instrument Air

Systems - Intermittent 1.1 20.6 0.5 (51.28) $0.00 (52.66)
Total 88.3 1,699.8 0.9

Gas Production - Reduced Emission

Completions 12.3 236.4 5.9 N/A N/A N/A
Gas Distribution - Cast Iron Main Replacement 2.9 55.6 1.4 N/A N/A N/A
Gas Distribution - Bare Steel Replacement 2.5 47.9 1.2 N/A N/A N/A
Gas Distribution - Miscellaneous 3.5 67.1 1.7 N/A N/A N/A
Grand Total 109.5 2,106.8 11.1
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The results can also be presented as a Marginal Abatement Cost Curve (MAC curve), shown in Figure

3-1. This representation shows the emission reductions sorted from lowest to highest cost-of-reduction

and shows the amount of emission reduction available at each cost level. The vertical axis shows the

cost per unit in S/Mcf of methane reduced. A negative cost-of-reduction indicates that the measure has

a positive financial return, i.e. saves money for the operator. The horizontal width of the bars shows the

amount of reduction. The area within the bars is the total cost per year. The area below the horizontal

axis represents savings and the area above the axis represents cost. The net sum of the two is the total

net cost per year.
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Figure 3-2 shows the reduction for each measure across all industry segments in the MAC curve format.

Figure 3-3 shows the reduction in methane emissions by industry segment. The transmission and

production sectors have the greatest reductions. The costs for each sector depend on the particular

mitigation options available in each and their aggregate cost.
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Figure 3-2 — National Aggregate MAC Curve by Measure

58
LDAR Transmission
¢ Replacement of Reciprocating Compressor Rod Packing Sys‘temsl-_‘
74 I I =
Recovered Gas at Early replacement of high-bleed devices with low-bleed devir:Es}.—1
2.25 3
S /MCf LDAR Processing
‘ Source -- Reduction Measure
55 e : |
Pipeline Pump-Down Before Maintenance I._1
o
Q
5
L] =
u 54
o«
) Install Plunger Lift Systems in Gas Wells
c
E $3 Replace Pneumatic Chemical Injection Pumps with Solar Electric|
‘E,‘ 1
2
4
s
5 %
Redesign Blowdown Systems and Alter ESD Practices |_I
S1 Wet-Seal D i y System-for |
Centrifugal Compressors l

S0

40 50

\ 20 30 60
{Replace with Instrument Air Systems - Intermittent

51 ||‘"5ta" VeporRecowy Onit Total 88.3 Bef methane reduced s
LDAR Wells Net cost $296 M/year $3.35/Mcf of methane reduced
Replace Kimray Pumps with Electric Pumps
& '—‘ p y Pump p
Bcf Methane Reduced
Figure 3-3 — National Aggregate MAC Curve by Industry Segment
57
Recovered Gas at $2.25/Mcf
$6 :
Total 88 Bcf methane reduced Gasplorane
Net cost $296 M/year $3.35/Mcf of methane reduced Gas Transmission
S5 |

54 -
Gas Processing |—|
$3
Oil Production I_I
Gas Production I_I

52

$/Mcf Methane Reduced

$1

S0

0 10 20 30 40 50 60 70 80

Bcf Methane Reduced

ICF International 3-5 May 2016



Economic Analysis of Methane Emission Reduction Potential from Natural Gas Systems
Analytical Results

Appendix A.
Summary and Comparison of Assumptions and Results

This section summarizes and compares the key assumptions and results for this study and the 2014 EDF
study. The assumptions for each study were largely specified by the clients for each. Table A-1
summarizes some of the key assumptions and results. The primary difference in total reduction volume
is the lower reduction from less frequent LDAR and the smaller baseline in the current study due to a
different base year and exclusion of the distribution segment.

Table A-1 - Summary of Baseline Assumptions and MAC Curve Results

ONE Future 2016 EDF 2014

Inventory Baseline EPA Inventory 2012 — 353 Bcf | EPA Inventory 2011 modified and

methane projected to 2018 — 404 Bcf

methane
Natural Gas Price $2.25/Mcf ($3/Mcf — 25% S4/Mcf
royalty and fee payments)

LDAR Frequency and Annual - 40% Quarterly — 60%
reduction
Gas Value Credit for Production segment only All except transmission and
Reductions distribution
Net Annualized Cost $296 million $108 million
Annual reduction 88.3 Bcf methane 163 Bcf methane
Average cost of reduction $3.35/Mcf methane reduced $0.66/Mcf methane reduced

The primary drivers of the difference in the average cost of reduction between the two studies are the
different gas price and the assumptions on which sectors can monetize the value of recovered gas. Table
A-2 provides a sensitivity analysis of the gas price effect on the annualized cost of reduction per Mcf.

Table A-2 — Cost per Mcf of Methane Reduced — Gas Price Sensitivity

Gas Price ONE Future 2016 | EDF 2014
$2.25/Mcf $3.35
$3.00/Mcf $3.01 $1.48
$4.00/Mcf $2.55 $0.66
$5.00/Mcf -$0.15
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Table A-3 - Mitigation Technology Characteristics — ONE Future 2016

e L. Capital | Operating | Percent $/Mcf* S/Mcf

Mitigation strategy Cost ‘ Cost Reduction | w/ Credit | w/o Credit
Early replacement of high-bleed devices with low-bleed $3,000 SO 78% $4.91 $7.61
devices
Replacement of Reciprocating Compressor Rod Packing $6,600 S0 31%
Systems $3.36 $6.06
Install Flares-Portable $30,000 $6,000 98% $0.20 $0.20
Install Plunger Lift Systems in Gas Wells $20,000 $2,400 95% $2.33 $5.03
Install Vapor Recovery Units $50,636 $9,166 95% -$0.82 $1.89
Replace Pneumatic Chemical Injection Pumps with Solar $5,000 $75 100%
Electric Pumps $2.16 $4.86
Replace Kimray Pumps with Electric Pumps $10,000 $2,000 100% $1.79 $0.91
Pipeline Pump-Down Before Maintenance S0 $30,155 80% $1.14 $3.84
Redesign Blowdown Systems and Alter ESD Practices $15,000 S0 95% -$4.10 $0.98
Wet Seal Degassing Recovery System for Centrifugal $70,000 S0 95%
Compressors -$2.38 $0.32
Replace with Instrument Air Systems - Intermittent $60,000 $17,770 100% -$1.46 $1.24
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Table A-4 — Mitigation Technology Characteristics — EDF 2014

capital Cost | FCTE | e ton | wi credit | wia Gredi
Early replacement of high-bleed devices with low-bleed devices $3,000 SO 97% -$3.08 $1.99
Early replacement of intermittent-bleed devices with low-bleed devices $3,000 SO 91% $0.58 $5.65
Replacement of Reciprocating Compressor Rod Packing Systems $6,000 SO 35% $1.82 $6.89
Install Flares-Completion $50,000 $6,000 98% N/A $1.86
Install Flares-Venting $50,000 $6,000 98% N/A $0.26
Liquid Unloading — Install Plunger Lift Systems in Gas Wells $20,000 $2,400 95% -$0.05 $5.03
Install Vapor Recovery Units on Tanks $100,000 $7,500 95% -$0.51 $4.57
Transmission Station Venting —Redesign Blowdown Systems /ESD Practices $15,000 S0 95% -$4.10 $0.98
Replace Pneumatic Chemical Injection Pumps with Solar Electric Pumps $5,000 S75 100% -$0.22 $4.86
Replace Kimray Pumps with Electric Pumps $10,000 $2,000 100% -$4.17 $0.91
Pipeline Venting — Pump-Down Before Maintenance SO $12,000 80% -$4.67 $0.41
Wet Seal Degassing Recovery System for Centrifugal Compressors $50,000 SO 95% -$4.87 $0.21
LDAR Wells $169,923 $146,250 60% $2.52 $7.60
LDAR Gathering $169,923 $146,250 60% $0.91 $5.98
LDAR Large LDC Facilities $169,923 $146,250 60% $10.03 $14.45
LDAR Processing $169,923 $146,250 60% -$0.98 $4.10
LDAR Transmission $169,923 $146,250 60% -$2.28 $2.15
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Table A-5 — Annualized Cost and Reduction Comparison

| EDF 2014 | ONE Future 2016
Source/Measure Annualized | Bcf Methane S/ MCF Annualized Bcf Methane S/ MCF
Cost Reduced/yr Methane Cost Reduced/yr Methane

(S million/yr) Reduced (S million/yr) Reduced
Replace Kimray Pumps with Electric Pumps -$23.4 5.8 -$4.05 -$7.0 4.4 -$1.58
Wet Seal Degassing Recovery System for Centrifugal
Compressors -$58.7 19.1 -$3.07 $5.8 15.7 $0.37
Compressor Stations (Storage)--LDAR -$4.5 1.5 -$3.03 Included in Transmission
Early replacement of high-bleed devices with low-
bleed devices -$67.4 25.4 -$2.65 $64.9 10.5 $6.17
Reciprocating Compressor Fugitives--LDAR -$10.5 32.3 -$0.33 Included in Transmission
Condensate Tanks w/o Control Devices--VRU S0.1 0.4 $0.21 -$4.1 7.6 -$0.54
Stranded Gas Venting from Oil Wells--Flares S2.4 8.2 $0.30 NA
0il Tanks--VRU $1.8 55 $0.33 Included with Condensate Tanks
Pipeline Pump-Down Before Maintenance $2.3 4.2 $0.53 S12.4 2.8 $4.40
Replace Pneumatic Chemical Injection Pumps with
Solar Electric Pumps S2.7 4.8 $0.57 $13.1 4.6 $2.86
Install Plunger Lift Systems in Gas Wells $1.2 1.6 S0.74 $7.0 2.3 $3.06
Redesign Blowdown Systems and Alter ESD Practices $7.5 5.9 $1.27 $8.5 7.6 $1.12
Gathering and Boosting Stations--LDAR $5.0 3.3 $1.51 Included in Production
Intermittent Bleed Pneumatic Devices--Low Bleed $20.9 12.1 $1.72 NA
Replace with Instrument Air Systems - Intermittent NA -$0.4 1.8 -$0.22
Oil Well Completions - with Fracturing--Flares $14.5 6.8 $2.13 NA
Compressor Stations (Transmission)--LDAR $7.7 2.8 $2.79 $134.3 16.9 $7.95
Well Fugitives--LDAR $43.9 125 $3.51 -$3.3 3.6 -$0.92
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Replacement of Reciprocating Compressor Rod Packing

Systems $22.3 3.6 $6.11 $20.0 3.1 $6.44

LDC Meters and Regulators--LDAR $140.6 7.1 $19.75 NA

Grand Total $108.3 162.9 $0.66 $295.9 88.3 $3.35
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Appendix B.
Data Sources

The follow notes explain the sources and derivation of the capital cost (Capex), operating cost (Opex),
and emission reduction potential of the emission reduction options assessed in this study. The primary
sources are a variety of EPA sources — particularly data from the Gas STAR program, the Greenhouse Gas
Reporting, and support documents from NSPS 0000, as well as industry comments received during the
2014 EDF study, and comments from the ONE Future sponsors of this study. Each emission reduction
option is discussed below:

m  Early replacement of high-bleed devices with low-bleed devices — Capex $3,000, Opex SO,
Reduction 78%. The Capex and Opex were based on Gas STAR data updated by industry review in
both studies. There is no incremental Opex for pneumatic devices. The reduction estimate was
based on the performance of high bleed and low bleed pneumatic devices found in two field
measurement studies completed by the University of Texas '” '8 and sponsored by industry
participants and EDF.

= Replacement of Reciprocating Compressor Rod Packing Systems — Capex 56,600, Opex SO,
Reduction 31%. The Capex was based on Gas STAR data updated by industry in both studies. There is
no incremental Opex for this measure. The reduction estimate was based on an analysis by ICF that
calculates the reductions due to more frequent replacement of rod packing seals relative to less
frequent replacement.

= Install Flares-Portable — Capex $30,000, Opex $6,000, Reduction 98%. The Capex and Opex were
based on industry input during both the EDF and ONE Future studies. The reduction is an EPA Gas
STAR/inventory assumption of 98% flare combustion efficiency. Additional information was derived
from GHGRP Subpart W.

= Install Plunger Lift Systems in Gas Wells — Capex - $20,000, Opex $2,400, Reduction 95%. These
values were based on industry input during both studies. They do not include the value of increased
production, which is typically the primary driver for liquids unloading. The cost and effectiveness of
plunger lifts are highly variable depending on the well characteristics. Plunger lifts can be an
effective mitigation measure for certain wells at certain times over their operating life but may not

17 Allen, David T. et al. “Measurements of Methane Emissions at Natural Gas Production Sites in the United States.” Proceedings
of the National Academy of Sciences of the United States of America 110.44 (2013): 17768-17773.

18 Methane Emissions from Process Equipment at Natural Gas Production Sites in the United States: Pneumatic Controllers.
David T. Allen et al. Environmental Science & Technology 2015 49 (1), 633-640. DOI: 10.1021/es5040156. Available online at:
http://pubs.acs.org/doi/abs/10.1021/es5040156
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be effective or feasible for other wells or even for the same well at a different point in its operating
life. Applicability information was derived from GHGRP subpart W.

= Install Vapor Recovery Units — Capex $50,636, Opex $9,166, Reduction 95%. These values were
based on EPA Gas STAR data, independent ICF analysis, and updates from vendors and industry
commenters in both studies.

= Replace Pneumatic Chemical Injection Pumps with Solar Electric Pumps - Capex $5,000, Opex $75,
Reduction 100%. These values were based on EPA Gas STAR data with updates from vendors and
industry commenters in both studies.

= Replace Kimray Pumps with Electric Pumps — Capex $10,000, Opex $2,000, Reduction 100%. These
values were based on EPA Gas STAR data with updates from vendors and industry commenters in
both studies.

m  Pipeline Pump-Down Before Maintenance — Capex SO, Opex $30,155, Reduction 80%. These values
were based on EPA Gas STAR data with updates from vendors and industry commenters in both
studies. The required equipment is typically leased so there is no Capex.

= Redesign Blowdown Systems and Alter ESD Practices - Capex $15,000, Opex $0, Reduction 95%.
These values were based on EPA Gas STAR data with updates from vendors and industry
commenters in both studies.

m  Wet Seal Degassing Recovery System for Centrifugal Compressors — Capex $70,000, Opex SO,
reduction 95%. These values were based on EPA Gas STAR data with updates from vendors and
industry commenters in both studies.

m  Replace with Instrument Air Systems — Intermittent — Capex $60,000, Opex $17,770, Reduction
100%. These values were based on EPA Gas STAR data with updates from vendors and industry
commenters in both studies.

m  LDAR Costs — The structure of the LDAR cost analysis is different from the other measures, as
discussed in the body of the report. The cost analysis structure is based on the regulatory analysis
for the Colorado methane rule but most of the values have been updated. The ONE Future sponsors
provided extensive input on the labor and instrumentation costs. The baseline labor costs were
increased and the number of measurement devices was increased from the Colorado assumptions.
The time allocated for inspections was also increased relative to the 2014 EDF report based on input
from the sponsors. The baseline emissions were from the EPA Technical Support Document for NSPS
0000.

ICF International B-2 May 2016
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Legal disclaimer

This book is designed to provide information on tank gauging only.

This information is provided with the knowledge that the publisher and author are offering generic advice
which may not be applicable in every situation. You should therefore ensure you seek advice from an
appropriate professional.

This book does not contain all information available on the subject. This book has not been created to be
specific to any individual’s or organizations’ situation or needs. Every effort has been made to make this

book as accurate as possible. However, there may be typographical and or content errors. This book contains
information that might be dated. While we work to keep the information up-to-date and correct, we make no
representations or warranties of any kind, expressed or implied, about the completeness, accuracy, reliability,
suitability or availability with respect to the book or the information, products, services, or related graphics
contained in the book or report for any purpose. Any reliance you place on such information is therefore strictly
atyour own risk. Therefore, this book should serve only as a general guide and not as the ultimate source of
subject information. In no event will we be liable for any loss or damage including without limitation, indirect
or consequential loss or damage, arising out of or in connection with the use of this information. You hereby
agree to be bound by this disclaimer or you may return this book.

All rights reserved. No part of this book may be reproduced or transmitted in any form or by any means,
electronic or mechanical, including photocopying, recording or by any information storage and retrieval
system, without written permission from the author.
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Abbreviations

AOPS

API

ATG

ATT

BEV

BS&W

DCS

EMC

EODR

FMCW

FWL

FWv

Gov

GSV

HTG

IEC

I1SO

LNE

LNG

LPG

LTD

MOPS

MPE

Automatic Overfill Prevention System
American Petroleum Institute
Automatic Tank Gauge

Automatic Tank Thermometer

Bundesamt fiir Eich- und
Vermessungswesen

Base Sediment & Water

Distributed Control System
Electromagnetic Compatibility
Electro-Optical Distance Ranging
Frequency Modulated Continuous Wave
Free Water Level

Free Water Volume

Gross Observed Volume

Gross Standard Volume

Hydrostatic Tank Gauging

International Electrotechnical
Commission

International Organization for
Standardization

Laboratoire national de métrologie et
d’essais

Liquefied Natural Gas

Liquefied Petroleum Gas

Level Temperature Density
Manual Overfill Prevention System

Maximum Permissible Error

MPMS

MTBF

NIST

NMi

NSV

OIML

OPS

PLC

PTB

R85

RRF

RTD

SAT

SIF

SIL

SP

TCT

TOoV

VCF

WiA

Wiv

Manual of Petroleum Measurement
Standards

Mean Time Between Failures

National Institute of Standards and
Technology

Nederlands Meetinstituut
Net Standard Volume

International Organization of Legal
Metrology

Overfill Prevention System
Programmable Logic Controller
Physikalisch-Technische Bundesinstitut
Recommendation 85, a special
procedure for testing of tank gauging
equipment defined by OIML.

Risk Reduction Factor

Resistance Temperature Detector

Site Acceptance Testing

Safety Instrumented Functions

Safety Integrity Level

Technical Research Institute of Sweden
Tank Capacity Table

Total Observed Volume

Volume Correction Factor

Weight in Air

Weight in Vacuum
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1 - What is tank gauging?

What is tank
gauging?

Tank gauging is the measurement of liquids in large
storage tanks with the purpose of quantifying the
volume and mass of the product in the tanks.

1.

The oil and gas industry generally uses static
volumetric assessments of the tank content.

This involves level, temperature and pressure
measurements. There are different ways of
measuring the liquid level and other properties of the
liquid. The measurement method depends on the
type of tank, the type of liquid and the way the tank
is used.

Storage tanks can contain large volumes of liquid
product representing a significant value. The
accuracy performance of a tank gauging system is of
high importance when assessing the tank content at
any given time.

Tank gauging is used on large storage tanks in
refineries, fuel depots, pipelines, airports, and
storage terminals. Storage tanks usually come in four
basic designs: Cylindrical fixed roof tanks, cylindrical
floating roof tanks and pressurized tanks of either
spherical or horizontal cylinder design. There are tank
gauges available for all these tank types.

Besides precision level gauging, temperature
measurements are essential in assessing tank
contents accurately. All liquids have a thermal
expansion coefficient and proper volume
compensation needs to be applied when transferring
volumes at different temperature conditions. A
pressure measurement of the liquid head is often
added to provide a current assessment of the average
observed density and to calculate the product mass.

Modern tank gauging systems digitize the tank
measurement and digitally transmit the tank
information to a control room where the liquid
volume and mass information is distributed to users
of the inventory data.

1.1 Tank gauging is a system science

The concept of tank gauging involves much more
than just the precision instruments on the tank.
Tank gauging requires reliable data communication
over large field bus networks, often both wired and
wireless. The communication solutions often need
arrangement for redundancy in the field buses,

the data concentrators, the network components
and the network servers. Tank gauging systems
must also be able to calculate product volumes and
mass according to the industry standards. The tank
gauging software/information system must perform
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Figure 1.1 : Tank gauging involves a substantial number of interdependent devices and functions.

many different functions spanning from operator
interface, batch handling, reporting, alarm functions,
connectivity to host systems and much more. It is

a system engineering science across many areas of
technology.

1.2 Where is tank gauging used?

Tank gauging is needed wherever liquids are stored in
large tanks. Such storage tanks are found in:

¢ Refineries

¢ Petrochemical industry

¢ Distribution terminals

¢ Pipeline terminals

¢ Fuel depots

¢ Airfueling storage at airports

¢ Chemical storage

Storage tanks are often placed in clusters or tank
farms. The tanks are atmospheric, pressurized or
cryogenic.

Atmospheric tanks are vertical cylinders with various
roof designs. Most common are:

* Fixed roof tanks, either cone roof or dome roof
tanks.

¢ Floating roof tanks with various designs.

Figure 1.2: Fixed roof and floating roof tanks.

In a fixed roof tank there is a vapor space between the
liquid surface and the external roof.

In a floating roof tank the liquid surface is covered
by either an internal or an external floating roof.
There are many different designs of floating roofs
depending on the service, the liquid and the size of
the tank. It is common that floating roof tanks have
one or more still-pipes that go from the bottom of
the tank, through an opening in the floating roof to
the top of the tank. This still-pipe is used to access
the liquid for sampling, hand level gauging, hand
temperature measurement and automatic tank
gauging. With a good Automatic Tank Gauge (ATG)
design, all these things can be performed in one still

pipe.
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Pressurized tanks are often of spherical or horizontal
cylinder design.

Figure 1.3: Pressurized tanks normally require automatic tank gauging in
astill-pipe.

Hand gauging cannot be performed on pressurized
tanks. For high accuracy automatic tank gauging a
still-pipe inside the tank is normally required.

In cryogenic tanks, automatic tank gauges are often
of the same design as for pressurized tanks.

Photo by,courtesy,ofi€enter,for; Liquefied NaturalGas,

1.4: Cryogenic tank storing LNG at -162°C.

The methods for proper automatic tank gauging
are described in various engineering standards. The

most commonly applied standards are the Manual of

Petroleum Measurement Standards (MPMS) issued
by the American Petroleum Institute (API).

1.3  The purpose of tank gauging

The information from a tank gauging system is used
for many different purposes. The most common are:

¢ Oil movement and operations
¢ Inventory control

¢ Custody transfer

¢ Loss control and mass balance
¢ Volume reconciliation

¢ Overfill prevention

¢ Leak detection

1.3.1 Oil movement and operations

The operation of a tank farm relies heavily on
information regarding the situation in the tank farm.
To operate the tank farm safely and efficiently it is
important to know exactly what is going on inside the
tanks. The tank gauging system must at any given
time provide instant information about:

¢ How much liquid is in the tank
¢ How much available room is left in the tank

¢ Atwhatlevel rate the tank is being filled/
discharged

¢ When the tank will reach a dangerously high
level

¢ When the tank will become empty at a given
pump rate

¢ How long a given batch transfer will take

The operation will also require that the tank gauging
system gives alerts and alarms before any preset level
or dangerous high tank level is reached.

Oil movement and operations depend on reliable
and readily available tank information. A loss of tank
gauging data will seriously interrupt time critical
operations and product transfers which may lead to
unplanned shut downs.
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1.3.2 Inventory control

A tank farm stores valuable assets, and owners of the
assets will require very accurate assessments of their
value.

The tank gauging system should be able to provide
high accuracy inventory reports at given intervals
orinstantly if so required. Automatic measurement
of free water at the bottom of the tank may also be
required for accurate inventory assessment. The
tank inventory figures are essential for financial
accounting purposes and are often used for fiscal
and customs reporting. The system should be able
to calculate net volumes and mass according to the
rules set forth by industry standards organizations
such as APl and others.

Figure 1.5: Inventory management calculations.

1.3.3 Custody transfer

When buying and selling large volumes of liquids,
tank gauging data serves as the main input for
establishing correct invoicing and taxation. Certified
tank gauging can provide more accurate transfer
assessments compared with metering when
performing large transfers such as from a tanker ship
to a shore tank. With a certified tank gauging system
manual tank surveying can often be omitted.

For legal or fiscal custody transfer, the tank gauging
system must be certified by international authorities,
mainly the International Organization of Legal
Metrology (OIML). The system may also be required
to have approvals from local metrology entities such
as PTB, NMi, LNE or other national institutes.

Custody transfer requires the highest possible
accuracy of the tank gauging system. The OIML
standard R 85:2008 defines the requirements for tank
gauges used for custody transfer.

1.3.4 Loss control and mass balance

The financial impact of refinery losses is of great
importance. Achieving a high quality mass balance
of arefinery is the method by which losses are
estimated. It is important to distinguish between
real losses and apparent losses stemming from
measurement errors.

The refinery loss is defined as:

Loss = inputs - outputs - current inventory
+ previous inventory - fuel

For loss control purposes the highest possible
accuracy of inventory measurement is required.
Hence the quality and performance of the tank
gauging system is of utmost importance in the area
of loss control and mass balance.

1.3.5 Oveffill prevention

A tank overfill can have disastrous consequences. A
spill can cause explosions and fire that can spread

to all tanks in the tank farm and to the surrounding
area. Since the tanks contain huge amounts of stored
energy, a fire can have far-reaching consequences.

Fires caused by overfill have rendered legal damages
exceeding $1 billion. From this, and many other
perspectives, preventing tank overfill is extremely
important.

A spill can happen when the tank operators are
unaware of what’s going on in the tank farm. This
could take place if an undetected fault occurs in the
tank gauging components. High level switches could,
if not maintained and tested properly, also fail.

Tank gauging devices provide the basic process
control layer in the tank farm. Independent high
level indicators or level-switches form the next layer
of protection. Any undetected failure of these two
protection layers can cause a serious accident.
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Figure 1.6: Puerto Rico accident in 2009.

This is why the reliability of the tank gauging system
and the high level alarm system has to meet the
requirements stated by the standards for Functional
Safety. More about this subject is explained in
Chapter 10.

1.3.6 Leak detection

If the tank gauging system is accurate and stable
enough it can be used for tank leak detection. When
atank s settled and closed, the tank gauging system
can be set to detect small liquid movements. It is
recommended that leak detection is based on Net
Standard Volume (NSV) rather than just level. By
monitoring the NSV, level movements caused by
temperature changes can be canceled out. Custody
transfer grade accuracy performance of the tank
gauging system is required for proper leak detection.

1.3.7 Volume reconciliation

Tank farm operations need to accurately manage
transactions and reconcile transfers versus

physical inventory. Every company is accountable;
reconciliation and error reporting provide the
auditing and traceability that is often required. The
tank gauging system will allow the immediate data
acquisition and response required for accurate daily
accounting and reconciliation.

The performance of flow meters can be monitored
when transfer data from the meters are compared
with batch reports from the tank gauging system.
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2. Tank gauging

technologies

In addition to manual hand gauging using a tape
measure, various automatic tank gauges have
developed over time. Most mechanical devices are
in contact with the liquid. Modern electronic tank
gauges are non-contacting and have no moving
parts.

2.1 Hand gauging

Hand gauging can be performed on most
atmospheric tanks. A specially designed
measurement tape is used for this purpose. These are
normally made of stainless steel with a weight at the
end of the tape graded in millimeters or fractions of
inches. The tape is used to measure ullage or innage
(liquid level).

Figure 2.1: Hand dipping tape.

Figure 2.2: Hand gauging with a dipping tape.

The ullage is the distance from the reference point of
the tank down to the liquid surface. The tank level is
then calculated by taking the reference height minus
the measured ullage. Ullage measurements are often
used on heavier liquids like black oils and crude oil.

Ullage (top)
reference -

Value at reference
point noted down

Y
Ullage=Y-X
Reference
X height
Small part of tape 9
Level = v v N N
R lowered into
Reference height - Ullage product
(Same as ATG)
Bottom

reference

Figure 2.3: Manual ullage measurement definitions.

Direct level measurement (innage) can also be
carried out with a hand tape. This method is used
on clean liquids since the tape will be submerged
into the full height of the tank. When gauging clean
products with a tape an indication paste is used to
make the surface cut visible.

_ Top
X reference
-
| —

Aclear, sharp mark
from product on tape ———=——
is required to geta Reference
high accuracy height
Tape bulb touching . v Bottom

Dip tape zero reference reference

Figure 2.4 : Manual level measurement definitions.

For proper and accurate hand gauging, a high quality,
newly calibrated tape is required. On heated tanks it
may be necessary to calculate the thermal expansion
of the tape to obtain good measurement accuracy.

The API standard MPMS Chapter 3.1A describes how
proper manual tank gauging is performed.
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2.2 Float gauges

Automatic tank gauges started to appear in the
1930’s. One of the early designs of tank gauges was
the float gauge. In this design, a large float inside
the tank is connected to a metallic tape. The tape

is connected to a spring motor and a mechanical
numeric indicator at the lower end of the outside of
the tank through a pulley system. No external power
is required for a float gauge, the movement of the
liquid level powers the whole mechanism.

For remote monitoring the float gauge may be
equipped with a transmitter. The transmitter sends
the tank level values through signal cables to the
control room.

? {4. — |&

J = B
Figure 2.5: The float and tape gauge was introduced around 1940.

The accuracy performance of a float gauge is often
low. There are plenty of error sources such as
buoyancy differences, dead-band, back-lash and
hysteresis in the mechanisms. If anything goes
wrong with the float, the tape or the guide wires, it
is necessary to carry out service work inside the tank.
No gauging can be done with the float gauge while
waiting for a repair.

The float gauge is a relatively simple device but has
many moving parts that will require maintenance and
repair over its lifetime.

2.3 Servo gauges

In the 1950’s, development in mechanics and
electronics led to the servo gauge. With this gauge
type, the float is replaced by a small displacer. The
displacer has buoyancy but does not float on the
liquid. The displacer needs to be suspended by a thin
wire which is connected to the servo gauge on top

of the tank. A weighing system in the servo gauge
senses the tension in the wire, signals from the
weighing mechanism control an electric motor in the
servo unit and make the displacer follow the liquid
level movements. An electronic transmitter sends the
level information over field buses to the readout in
the control room.

Servo control circuit with
integrator

Level alarm and limit

switch unit Measuring drum

Weighing balance
detector

Servo motor

Magnetic
coupling
Balance springs

Step transmitter

Measuring cable

Displacer

Figure 2.6: Servo gauge.

To keep the displacer from drifting in the tank, a still
pipe is needed wherever a servo gauge is installed.
This is also required in fixed roof tanks.

Measuring
wire

Displacer

Plpe\ . Al

I

Figure 2.7: Servo gauge and temperature sensor measuring inside
still-pipes.
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The servo gauge generally performs better than a
float gauge. A newly calibrated servo gauge can meet
custody transfer accuracy requirements. However,
the servo gauge has many moving parts and the
displacer and the wire are in contact with the tank
liquid. Hence servo gauges need attention in the
form of calibration, routine maintenance and repair.

4 )

Servo gauges used for density and water
measurement

Some servo manufacturers claim that the unit
may be used for purposes other than level
gauging. The servo can be used to measure
liquid density and water bottom levels, but in
both cases the level gauging is inhibited while
the servo gauge performs a displacer dip into
the product. By measuring the wire tension it is
possible to measure the liquid density at various
levels in the tank. When water bottom detection
is carried out, the displacer is lowered until it hits
the free water level at the tank bottom. Both
these actions can create dirt build up on the
wire, the displacer and the wire drum, creating
amaintenance problem over time. The most
significant drawback is the lack of level gauging
during these dipping exercises. It should also be
noted that density measurement with a servo
gauge is not recognized by any engineering/
gauging standard.

Today, both float gauges and servo gauges are
being replaced by modern tank gauges based on
radar technology.

. J

2.4 Radar gauges

The first radar tank gauges were developed in the
mid 1970’s (radar is also referred to as microwaves).
The early versions were made for installations on
seagoing tankers. Radar technology quickly gained
popularity and has since then basically been the only
level gauging technology of choice for any large
tanker ship.

Figure 2.8: Radar level measurement was introduced for marine
applications by Saab in 1976.

In the early 1980’s, radar tank gauges were further
developed to fit shore based storage tanks. Radar
technology rapidly gained market share and is today
generally the first choice in any tank gauging project.
Since the 1980’s, many different radar gauges have
been marketed for tank gauging and other level
applications. Today, there is a large supply of radar
instruments on the market effectively replacing
mechanical, ultra sound and capacitance level
sensors due to their inherent user benefits.

Aradar level gauge has no moving parts and requires
no regular maintenance. Radar devices require no
direct contact with the liquid. This makes it possible
to use a radar gauge on a wide variety of liquids from
heated heavy asphalt to cryogenic liquefied gases like
Liquefied Natural Gas (LNG).

A good radar tank gauge can easily provide reliable
gauging for over thirty years.

Figure 2.9: First high precision radar gauge installed in 1985 on a
refinery tank.

If the radar is designed correctly it requires no
recalibration after the first adjustment on the tank.

o
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Figure 2.10: Modern radar level gauge on a fixed roof tank.

2.5 Different types of radar gauges
There are many radar level gauges on the market.
Several are made for process applications where
high accuracy and stability are not the primary
requirements. Unit cost and other considerations
related to these applications are more important.

2.5.1 Process radar level gauges

Process radar devices are made for many different
applications in the process industry. High pressure
and high temperature combined with strong tank
agitation are common challenges for process radar
installations. Under these conditions, high level
accuracy is not the primary focus. Other qualities
such as high reliability and low maintenance are more
important. Pulse radar is the dominant technology

in most process radar transmitters. Pulse radar
provides low cost, low power and reliable gauging
under tough conditions. Process radar transmitters
are in general 2-wire units driven by a 4-20 mA loop
bus powered, or battery powered wireless. They are
either of free space propagation type or guided wave.
The free space radar transmitters have a horn, alens
or parabolic antenna. The guided wave type has a
solid or flexible antenna protruding into the tank.

There is a wide spectrum of process radar devices,
and manufacturers in the market serve different
market segments such as the chemical industry, oil
and gas and the food and beverage industry.

Currently, pulse technology based radar transmitters
are less accurate than FMCW based transmitters used
for tank gauging applications.

Figure 2.11: Non-contacting radar level transmitter and guided wave radar
level transmitter for process applications.

2.5.2 Tank gauging radar gauges

To meet the high performance requirements

of custody transfer accuracy in tank gauging
applications, radar devices typically use the
Frequency Modulated Continuous Wave (FMCW)
signal processing method. The FMCW method
sometimes goes under the name “Synthesized
Pulse”.

Frequency, f (GHz)
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Figure 2.12: The FMCW method.

FMCW is capable of delivering an instrument level
gauging accuracy of better than a millimeter over a
50+ meter range.

Since its birth in the 1970’s, the FMCW based
radar tank gauge has developed rapidly. Several
generations of radar tank gauges have been
released. The latest design has been miniaturized
to the extent that two radar units can share the
same small enclosure and deliver reliability and
accuracy never seen before. At the same time, power
requirements have been reduced to the point that
radar tank gauges can be made totally intrinsically
safe and require only a 2 wire bus for power and
communication.
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FMCW is required to make a radar tank gauge
accurate, but this is not enough on its own. Precision
radar gauges must also have specially designed
microwave antennas to be able to deliver both the
instrument accuracy and installed accuracy required
by custody transfer standards.

One important property of radar antennas is that
they should be designed in such a way that any
condensation will quickly drip off. Therefore,
antennas inside tanks require sloping surfaces to
avoid accumulation of condensate liquids.

Figure 2.13: Antenna design with no horizontal surfaces,
according to the American Petroleum Institute Standard (API
ch.3.1B,ed. 1)

There are three main types of applications for radar
tank gauges:

¢ Fixed roof tank installation
¢ Floating roof tank installation on a still pipe

¢ Installation on tanks with liquefied gases,
pressurized or cryogenic

Aradar tank gauge should be able to deliver highest
accuracy when mounted on existing tank openings.
On a fixed roof tank, the openings suitable for tank
gauging are normally found on the roof close to the
tank wall.

Figure 2.14: Fixed roof tank openings.

This position is ideal due to stability provided by the
tank wall and a minimum of roof flexing as a result.
Aradar tank gauge must be able to deliver highest
accuracy even when placed close to the tank wall.
Antennas with a narrow microwave beam are most
suitable for such tank locations in close proximity to
the wall. The larger the antenna, the narrower the
microwave beam becomes.

Not

accepted Accepted

Tank Tank
wall wall

Figure 2.15: Radars with wide beam (small antenna) and narrow beam
(large antenna).

On a floating roof tank, the still-pipe is located where
any liquid level gauging takes place since the rest

of the liquid surface is covered by the floating roof.
Aradar tank gauge antenna for still-pipes must be
designed so that existing still-pipes of various sizes
and designs can be used. The still-pipe must have
slots or holes to allow good liquid mixing between
the inside and the outside of the pipe. If no holes or
slots are present it is likely that the liquid level inside
the pipe will be different from the rest of the tank. If
the pipe is filled from the bottom, heavier product
will then accumulate in the pipe. The slots or holes
prevent this.

Aradar tank gauge for still-pipe applications must
have the ability to cope with a still pipe with large
slots/holes and yet deliver high accuracy. It must also
perform with the highest accuracy even if the pipe
has rust and dirt build-up on the inside.

In addition, a still-pipe antenna must be made so
that the still-pipe can be accessed for other tasks like
sampling and hand gauging.
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Figure 2.16: Low loss mode radar measurement can be used to Figure 2.17: Low loss HOT mode visualized.
virtually eliminate measurement degradation in old still-pipes.

Using a still-pipe as a waveguide

Tubular shaped waveguides supporting the so called HO1 mode are capable of providing an attenuation
of just a few decibels per kilometer. Such pipe shaped waveguides have been tested to act as
telecommunication channels across nations. The same low loss HO1 propagation mode has successfully
been utilized in radar tank gauging applications for many years.

Still-pipes in normal storage tanks are tubular, often in sizes between 5 to 12 in. or 125 to 300 mm in
diameter. These pipes can work as wave guides for radar tank gauging in the 10-11 GHz frequency range.
Awaveguide with holes and slots in combination with dirt build-up and weld residue between pipe
sections will generate microwave losses and make the still pipe unsuitable for tank gauging. However,
using the low loss mode of the HO1 propagation, these slot/hole related problems are virtually eliminated.
Itis proven that still pipes with more than 30 years of crude oil service will work perfectly as a waveguide
for accurate radar tank gauging provided that the low loss HO1 is used.

N

J

important to select the optimal antenna design and
the right microwave frequency. When using still
pipes as waveguides it turns out that frequencies
in the X-band are optimal. Fixed roof storage tanks
without still pipes often have tank apertures in sizes
200 to 600 mm (8 to 24 in.) in diameter. Suitable
antennas for such openings are those that can handle
heavy water condensation and dirt build-up. Under
these conditions horn, cone or parabolic antenna
design has proven to work very well, especially since
they can be designed with drip-off surfaces. Such
antennas at this size range have an excellent track
Figure 2.18: Hand dip access in a still-pipe. record when used in frequency ranges between 9-10
GHz (X-band).

2.6 Radarfrequency selection Higher frequencies are used in process radar gauges
to be able to fit smaller antennas in narrow tank

For tank gauging applications, the reliability of the gauge openings. However small antennas and

gauging and the accuracy performance are the higher frequencies tend to increase sensitivity to

primary qualities. To meet the requirements it is condensation and dirt build-up.
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2.7 Pressurized tanks

Special properties are required for a microwave
antenna used for tank gauging in pressurized tanks:

¢ The antenna arrangement must be able to
withstand the tank pressure.

¢ It should have a shut-off valve for protection
and to meet safety requirements.

¢ It should have the ability to compensate for
high-density tank atmospheres and any effect
this has on the microwave propagation speed.

¢ Itshould be possible to verify the performance
of the gauge during normal tank operations.

There are solutions to meet all these criteria with a
good gauge and antenna design. See chapter 7 for
more about radar gauging on pressurized tanks.

Figure 2.19: Radar gauge sensor including heavy atmosphere
compensation in an LPG tank.
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3. Engineering
standards and
approvals

There are a number of international standards that
are relevant for tank gauging. The main purpose

of these standards is to serve as guidelines for

both users and manufacturers of tank gauging
equipment. The members of the working groups
behind the development of these documents are in
most cases experienced users from the petroleum
industry or manufacturers with considerable

tank gauging knowledge. It is important that the
working groups have a good balance between users
and manufacturers, to avoid standards becoming
biased in any direction. The present trend is to avoid
technology specific standards as much as possible,
and specify the requirements on equipment for a
certain application. This leaves the door open for any
technology to conform, if it can be proved that it
fulfils the requirements.

To prove compliance to a standard is however not
always easy, since there must be an independent
authority/body available that has the knowledge
and resources to test a tank gauging system. I1SO
(International Organization for Standardization) and
API (American Petroleum Institute) are responsible
for the most important standards within tank
gauging, but do not have their own test organization
and are not organized as typical test institutes.

Instead it is the national metrological authorities in a
country who should have this expertise. Depending
on how custody transfer based on tank gauging
equipment has been implemented in their country,

they have (to a varying degree) the necessary
experience, skills and resources. Therefore, in
countries where there are legal requirements for
tank gauging equipment, there should also be a
department within a metrological organization which
handles the legal aspects of tank gauging equipment.
Typically it works like this:

1. The government is responsible for the law (the
legal requirements on tank gauging), and they
issue an accreditation to a national test institute
through an accreditation body.

U

4 \
2. The test institute must show the accreditation
body that they have the skill and expertise to
perform the testing, and they must also define a

test procedure.
. J

U

P
3. After approval from the accreditation body,
the test institute is granted the right to perform
testing and can then issue a test report. If the
test report conforms to the legal custody transfer
requirements, an approval can be issued.

Fortunately, the different national institutes in

the world that perform testing are cooperating
within an organization named OIML (International
Organization of Legal Metrology). In this organization
anumber of test procedures are defined, and there

is a special procedure defined for tank gauging
equipment called R 85 (Recommendation 85).

Since most countries that have defined requirements
for legal custody transfer are members of OIML,

the test procedure for having national approval

is basically the same in each OIML country, and
complies with R 85. There may be some minor
differences in the requirements from one country to
another, but in principle a country that is a member
of OIML should not adopt any other requirements
than those prescribed by R 85.

Atank gauging system that has been tested by

an accredited OIMLR 85 institute in one country,
will therefore not need to repeat the same test in
another. However, it cannot be assumed that there
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will be an automatic approval in each new country,
since the original R 85 test report will often be subject
to a thorough examination to check that the R 85
procedure has been followed as intended.

Since many requirements on level gauges for tank
gauging in OIML R 85 have been harmonized with
the requirements defined in both the ISO and API
standards, it will in most cases mean that a level
gauge that fulfils the testing criteria according to
OIMLR 85 also fulfils the requirements according to
ISO and API. It should be noted however, that the
OIMLR 85 only covers the testing of the level gauge
functions. Product temperature measurements or
density measurements are not covered by OIML so
far, see section 3.3.

Figure 3.1: Still-pipe in an open floating roof crude oil tank.

Another aspect of the standards should also be
noted. If an accident such as an overfill of a tank

(or in the worst case a fire with casualties) occurs
at a petroleum plant, it will probably resultin a
lawsuit and/or criminal prosecution. In such legal
proceedings the status of the whole installation of
the level gauge system is likely to be scrutinized.
One question then becomes very important: “Is the
level gauge system installed and operable to best
engineering practice?”

If not, and the level gauge system or installation is in
a bad condition, it is probable that the owner of the
plant could receive serious fines, have to pay huge
damages, or even face imprisonment. If the owner,
on the other hand, can show that the equipment
orinstallation conforms to a standard with good

reputation like the APl or ISO standards, it may be
difficult to prove that the status of the equipment

is not according to “good engineering practice”. In
particular, the guidelines in APl Manual of Petroleum
Measurement Standards (MPMS) chapter 3.1A and
chapter 3.1B are important in this respect, since
they include several guidelines which could be said
to define “good engineering practice”, see following
example:

Example 3.1: Good engineering practice

API MPMS chapter 3.1 A recommends how a still-
pipe in a floating roof tank should be designed,
and especially what minimum hole size is needed
to ensure proper product flow from outside the
pipe to the inside. It is obvious that holes that
are too small, (or no holes at all) could cause an
overfill since the level gauge mounted on the
still-pipe in this case would indicate a level that

is too low, because the level outside the pipe

will be higher. On the other hand, the user does
not want to have an excessive hole size since

this would increase product evaporation which
could conflict with environmental regulations.
By complying with the recommendation in

API MPMS chapter 3.1A, the owner would be
following recommendations issued by the most

knowledgeable people in the petroleum industry.
. J

3.1 American Petroleum Institute
(API) standards

The API standards are well known by most people in
the petroleum industry. One important characteristic
of the API standards is that they provide very useful
experience based facts about daily tank gauging
problems and how to solve them. They also
summarize know-how from practical investigations
which have been performed by research departments
at major oil companies. Specifically for tank gauging
there are some important API standards in MPMS
such as:

¢ Chapter 3.1A Standard Practice for the
Manual Gauging of Petroleum and Petroleum
Products

¢ Chapter 3.1B Standard Practice for Level
Measurement of Liquid Hydrocarbons in
Stationary Tanks by Automatic Tank Gauging
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The American Petroleum Institute (API) was established in New
York City 1919, following a momentum build towards forming
a national association to represent the oil and gas industry in
the postwar years.

Today, APl is based in Washington D. C. and it is the largest

U.S trade association for the oil and natural gas industry. It
represents approximately 650 petroleum industry corporations
involved in production, refinement and distribution among
other areas.

The main function of the APl is speaking for the oil and natural
gas industry in order to influence public policy in support of the
industry. Its functions include advocacy, negotiation, lobbying,

research, education and certification of industry standards.

J

¢ Chapter 3.3 Standard Practice for Level
Measurement of Liquid Hydrocarbons in
Stationary Pressurized Storage Tanks by
Automatic Tank Gauging

¢ Chapter 3.6 Measurement of Liquid
Hydrocarbons by Hybrid Tank Measurement
Systems

¢ Chapter 7 Temperature Determination

¢ Chapter 7.3 Temperature Determination —
Fixed Automatic Tank Temperature Systems

e APl 2350 Overfill Protection for Storage Tanks
in Petroleum Facilities

These standards are briefly described below.

3.1.1 Chapter3.1Aand 3.1B

The API MPMS chapter 3.1Ais related to how to
perform manual measurements according to best
engineering practice. Since the manual measurement
on the tank is the reference for automatic
measurement with level gauges, it is of utmost
importance that manual gauging is performed
correctly. Chapter 3.1A includes detailed information
on how a manual measurement should be performed
and also how it should not be performed. This
procedure may seem very simple at first glance, but it

is surprising how often a discrepancy between a value
taken by hand dip and a value from an automatic
level gauge is caused by an inaccurate hand dip.

The reason may be that poor equipment such as
inaccurate/non-calibrated hand dip tapes were used,
temperature corrections of the tape were not made,
the hand dip was carried out on a moving/turbulent
surface, or the person performing the hand dip was
careless etc.

Another common reason for hand dipping
discrepancy is the mechanical properties and
instability of the tank. The influence of mechanical
instability can be explained as follows: The level
gauge measures the distance from its reference point
down to the liquid surface, and calculates the level by
subtracting the measured distance (ullage) from the
reference height (the distance from the gauge hatch
reference down to the datum plate, see chapter 2

figure 2.1).

The person who performs the hand dip measures
the distance from the datum plate up to the mark
the product makes on the tape, i.e. if the reference
height varies due to mechanical or thermal stress
there will be a discrepancy. How much the reference
height varies depends on the actual tank type and the
design of the tank. In APl MPMS chapter 3.1A (and
also in chapter 3.1B) there is valuable information on
how to design tanks with a minimum variation of the
reference height. Some important basic guidelines
can be mentioned:
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Tank with still-pipe:

¢ Ifthe tank has a still-pipe it is important that it
is attached to the tank bottom correctly and
that it is guided only at the top, see figure 3.2.

Level Gauge

ANSI Flange 150 Ibs

"7

Stilling Well
Sliding Guide
3in. Protection Pipe
T
(Temp) —  gin.stilling Well

Pontoon —==

] Typical 18 to 30in.
(to centerline of stilling well)

=§.— 2in. Nozzle Pressure Tx
Datum Plate 4
-

Figure 3.2: Still-pipe attached to the tank bottom.

¢ When attached to the wall, the bulging effect
of the tank wall due to heavy static pressure
from the liquid should not cause the still-pipe
to move vertically. A hinge design as in figure
3.3 should prevent this.

Level Gauge
ANSI Flange 150 Ibs

= Stilling Well Sliding Guide

8 in. Stilling Well

Typical 18 to 30in.
(to centerline of stilling well)

Datum Plate — S

Figure 3.3: Still-pipe attached to the tank wall.

¢ The datum plate (the hand dip reference plate)
should be attached to the still-pipe and not
installed on the bottom of the tank unless the
still-pipe stands directly on the tank bottom.

Tank with fixed roof, no still-pipe:

¢ To avoid movements between the level gauge
reference point and the gauge hatch, the level
gauge should be installed close to the gauge
hatch.

¢ When the level gauge is installed on a manway
on the roof, flexing of the roof where the level
gauge is located should be minimized. Best
practice is to install the level gauge “fairly”
close to the tank wall where the roof is most
stable. (The meaning of “fairly” depends on
the level gauge type, see relevant level gauge
installation information.)

Some of the reference height variations can also

be compensated forin a modern level gauge. The
criteria for using this option is that the variation is
predictable. Bulging of the tank wall is one example,
since it is related only to the static pressure on the
tank wall and therefore predictable. If the reference
height is measured at a number of different product
levels, it is possible to program the change into the
level gauge and compensate the level value for the
reference height variation. Another predictable
variation is the thermal influence on the tank wall or
still-pipe. By using the temperature information from
a multi-spot temperature sensor, the level gauge

can compensate for the expansion/contraction
caused by temperature changes. For a fixed roof
tank, this compensation calculation depends on both
the ambient temperature and liquid temperature.
Chapter 3.1A describes how this should be taken into
account.

Figure 3.4: Manways are normally located near the tank wall which
provides mechanical stability.
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Chapter 3.1A lacks a more exact description
regarding how to handle the hand dip tape and how
to make tape corrections. Some users measure ullage
(the distance from a reference in the dip hatch to

the liquid surface) instead of level. This is common
for heavy products in order to avoid the whole tape
being coated with product. Hand dipping a full
bitumen tank in cold winter weather by lowering the
tape all the way down to the bottom will make the
tape unusable for the future.

When making a hand dip in heated tanks it is very
important to make a temperature correction of the
tape. An example:

¢ Ahand dip tape typically has a thermal
expansion coefficient of 12 ppm [ °C, and is
calibrated at 20°C.

¢ Inabitumen tank with temperature 220 °C
and at 20 m distance the tape will be: (220-20)
x12x10°x 20000 = 48 mm longer.

¢ The tape will consequently show an error of 48
mm at 20 m distance.

It is clear that in the case above temperature
correction is necessary. This is also the case in heated
tanks with lower temperatures like fuel oil etc.

where temperature correction is necessary to get a
reference accuracy in the range of a few millimeters.

Another method of hand dipping used by some is to
attach a metal bar at the hand dip tape and position
the tape by placing the bar on top of the hand dip
hatch and only dip the lowest end of the tape into
the liquid. After subtracting the liquid cut on the
tape from the value on the tape to which the bar was
attached, it is possible to get a very exact reading.
This is an ullage measuring method, and reference
height changes will not influence the reading except
for any variation in the level gauge reference position
compared to the position of the gauge hatch.

API MPMS chapter 3.1A and also 3.1B strongly
recommends that the user measures the reference
height at the same time as the liquid level hand dip
is made. This is a very straightforward method, and
it willimmediately tell the user if any discrepancy

is related to the level gauge or to the mechanical
instability of the tank.

In API MPMS chapter 3.1B, the focus is on

automatic tank gauging equipment. The chapter
does not specify any particular preference for any
technology, but it is very clear that there are very
few technologies that can meet the custody transfer
requirements of 1 mm (0.04 in.) accuracy under
laboratory conditions over the whole temperature
range.

Chapter 3.1B also specifies a very relaxed accuracy
requirement when the level gauge system is used
forinventory purposes only. The requirement is
defined as low as 25 mm (1 in.). It is unlikely that a
user would purchase a level gauge system with such
alow performance, soitis probable that this figure
is set to allow old systems to fall in the category of
“best engineering practice” in a legal dispute, and
they would therefore not be in immediate need for
exchange to more modern equipment.

The level gauge system is generally not only used for
operations, custody transfer and inventory purposes,
but also for mass balance, loss control and in some
cases leak alarm purposes. Chapter 3.1B does not
address the requirements of these latter purposes

at all, however in modern tank gauging it could be
noted that many users have similar requirements

for these as for custody transfer purposes. The
requirements do however become more complicated
since the requirements for mass balance and loss
control are based on mass precision, and level
accuracy is in these cases only one parameter in the
equation.

3.1.2 Chapter 3.3: Level measurement in
pressurized tanks

The standards in Chapter 3.3 deal with level
measurement in pressurized tanks. It describes the
special safety precautions required for pressurized
LPG tanks and how an installation according to best
practice may be achieved.

A special circumstance with a pressurized tank is that
the normal reference measurement with a manual
hand dip cannot be used. Instead the standard
describes some indirect reference methods; one for
servo based, and one for radar based level gauges.
This means that in this case, the rule of avoiding
technology specific solutions has not been followed.

o
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Both the described reference methods may be
questionable from a theoretical metrological point of
view, since the traceability to a national standard is
not entirely straightforward. However, there are no
better verification methods for this application, and
the metrological authorities have in general accepted
the limitations of the reference methods.

Figure 3.5: Level measurement in pressurized tanks cannot be done by hand
gauging, leading to technology specific recommendations for servo based
and radar based level gauging.

Since LPG usually has a lower economic value
compared to refined oil products, user requirements
are generally not that strict. Often the accuracy
achieved by mass flow measurements is regarded

as sufficient. Transactions of LPG based products
based on legal custody transfer are therefore not very
common.

Much of chapter 3.3 instead focuses on performance
requirements to obtain a safe and reliable
measurement in LPG tanks, and the accuracy figures
mentioned are very much based on the metrological
uncertainty in the reference measurement, where
hand dip not is an alternative. Despite this, chapter
3.3 provides valuable information on best practices
forinstalling and putting a level gauge system for LPG
in operation.

3.1.3 Chapter 3.6: Hybrid tank gauging system

The name “hybrid tank gauging system” comes from
the fact that it is a combination of a traditional tank
gauging system and a Hydrostatic Tank Gauging
(HTG) system. There are two main use cases for a
hybrid system where the user is interested in either
mass or density (or both).

Most hybrid system users in the petroleum industry
are interested in measuring density online since the
calculation of transferred volume (Standard Volume)
requires measurement of level, temperature and
density. The hybrid system makes it possible to avoid
manual density measurement on tanks, which is a
labor intensive task and is often related to serious
measurement errors if not done properly. To be

able to calculate density, a hybrid system therefore
has one pressure sensor if the tank has atmospheric
pressure, and two pressure sensors if the tank is not

freely ventilated.
Multi Point
Temp. and

~— Water Level

Pressure

Field
Display
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Figure 3.6: Hybrid tank gauging is a combination of a traditional tank
gauging system and an HTG system.
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In a traditional Hydrostatic Tank Gauging (HTG)
system there is one additional pressure sensor and no
level gauge system. The product density in the HTG
system is calculated from the density between the P1
and P2 sensors only. The density in this range is not
representative of the density of the whole tank and
the value is therefore normally not usable for custody
transfer.

With a hybrid system, the density is calculated by
using the liquid column height above the P1 sensor
given by the level gauge. In this case a much more
accurate density value is received, representing the
overall density of the product.

Since most petroleum products are by tradition
traded based on standard volume and not mass,

the use of a hybrid system (or HTG system) for mass
measurement is of very limited use worldwide. There
are however some exceptions, for example China,
which has for many years used mass based custody
transfer. Some installations, mainly for storage of
special chemical petroleum products are another
exception, but they are in general rare.

Chapter 3.6 is unique in that it not only gives
information on best practice for installation of a
hybrid system, but it also shows what accuracies can
be expected on density and mass. All calculationsin a
hybrid system and the expected performance will be
discussed in chapter 8.

3.1.4 Chapter 7: Temperature Determination

API MPMS chapter 7 is now being revised and one
important new approach is to divide the different
use cases into four subchapters. The previous edition
of chapter 7 included many different temperature
measuring cases in the same section which was
somewhat confusing, so the new approach is an
improvement.

Only part 7.3 is finalized today. It describes
temperature measurements in tanks for inventory
and custody transfer purposes. Section 7.3 gives a lot
of important guidance on how a proper installation
should be made, how many sensors are required for
custody transfer use, and what accuracy on individual
temperature elements, electronic conversion units,
etc. is required.

Since the accuracy of a modern level gauge today
is very high, it is in many cases the temperature

accuracy that is the most critical measurement

in order to get a high accuracy of the quantity
assessment. The importance of temperature
measurement accuracy is described more in chapter
6.

3.2 ISOstandards

The International Organization for Standardization
(1SO) has also developed a number of standards

for tank gauging. In the past these standards could
be quite different compared to API standards, but
during the last 15 years, considerable harmonization
between APl and ISO has taken place.

This has resulted in standards which have very
similar content. As a consequence it was decided

to have more direct cooperation between APl and
ISO, which would reduce the costs for the standards
development.

Today ISO issues no new standards in the tank
gauging area. Instead ISO takes an active part in the
APl work of standard revisions and development of
new ones. There are however some API standards
not yet ready (one example is the remaining sub
chapters under API chapter 7) and therefore some
ISO standards are still relevant.

The ISO standards are not discussed in detail in this
guide, but the list below shows the relevant ISO
standards for tank gauging purposes:

¢ 1504266-1:2002 Petroleum and liquid
petroleum products -- Measurement of
level and temperature in storage tanks by
automatic methods -- Part 1: Measurement of
level in atmospheric tanks

¢ 150 4266-2:2002 Petroleum and liquid
petroleum products -- Measurement of
level and temperature in storage tanks by
automatic methods -- Part 2: Measurement of
level in marine vessels

¢ 150 4266-3:2002 Petroleum and liquid
petroleum products -- Measurement of
level and temperature in storage tanks by
automatic methods -- Part 3: Measurement
of level in pressurized storage tanks (non-
refrigerated)
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1SO 4266-4:2002 Petroleum and liquid
petroleum products -- Measurement of

level and temperature in storage tanks by
automatic methods -- Part 4: Measurement of
temperature in atmospheric tanks

1SO 4266-5:2002 Petroleum and liquid
petroleum products -- Measurement of

level and temperature in storage tanks by
automatic methods -- Part 5: Measurement of
temperature in marine vessels

1SO 4266-6:2002 Petroleum and liquid
petroleum products -- Measurement of
level and temperature in storage tanks by
automatic methods -- Part 6: Measurement
of temperature in pressurized storage tanks
(non-refrigerated)

I1SO 15169:2003 Petroleum and liquid
petroleum products -- Determination of
volume, density and mass of the hydrocarbon
content of vertical cylindrical tanks by hybrid
tank measurement systems

3.3 OIML

The most important document from OIML which
concerns level gauges is the R 85 recommendation.
This document specifies the requirements of a level
gauge that should be used for legal custody transfer,
how it should be tested for a pattern approval, and
what procedures should be followed to put the level
gauge in operation on a tank. In addition it describes

a suitable procedure for verifying that the level gauge
is in proper condition.

The requirements of the level gauge when used for
legal custody transfer are quite high, and today there
are very few products that can live up to them. The
reason for the high demands is that a level gauge in
legal use acts as a third party between a buyer and

a seller of large volumes of bulk liquids with high
economic value. The measurement device is neutral
in this transaction, and there are many corresponding
transactions in our daily life which are similar. Some
examples which we take for granted are the result
from a weighing machine or a gasoline pump, where
we don’t question the result if we know that it is
approved by a metrological office.

Also, the result from the level gauge can often be
used for determination of import tax where the
government has an interest in the measurement
having highest possible precision.

The accuracy requirements in OIML R 85 for having
pattern approval is: Maximum Permissible Error
(MPE) which may not be larger than +1 mm (0.04
in.) over the intended operating range. In addition
this requirement must be fulfilled over the intended
temperature range which may be the most severe
requirement, since it puts high requirements on
the temperature stability of both mechanical
components and electronics. The installed accuracy
requirement is: MPE may not be larger than 4 mm
(0.16in.), and this figure includes not only errors
from the level gauge but also all errors from tank
mechanics, thermal stress of the tank etc.

/

OIML

The International Organization of Legal Metrology (OIML) is an
intergovernmental organization founded in 1955 and based
in Paris. It promotes global harmonization of legal metrology
procedures that are the base of and facilitate international
trade. Harmonizing legal metrology ensures that certification
of measuring devices in one country is compatible with
certification in another.

OIML has developed guidelines to assist its members in
creating appropriate legislation and guidelines on certification
concerning metrology. They work closely with other
international organizations to ensure compatibility between
certifications. OIML does not have the authority to impose
solutions on its members, but its recommendations are often
used as part of domestic laws.

~

J
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The procedure when testing a level gauge against

R 85 also includes a number of influence factor

tests, like EMC, short power interrupts, stability

in communication links, provisions to allow
metrological sealing etc. Consequently, a level gauge
that that passes a pattern approval test according

to R 85 will have shown that it has potential to work
with high precision on a tank. However it is not
sufficient to just pass the pattern approval tests, since
the level gauge also needs to conform to the installed
accuracy requirements, i.e. the whole mechanical
arrangement on the tank must be in good condition.
The latter is normally the responsibility of the

owner of the tank, but in practice the level gauge
manufacturer is often involved by giving guidance
and recommendations to the tank owner.

So far OIML has not issued any recommendation

on how to measure temperature or density for

legal tank gauging purposes. Corresponding ISO

and API standards are therefore at present the

most important documents in this area. Also the
requirements on total volume accuracy is not defined
in any OIML recommendation, even though working
group activity has been discussed.

3.4 National metrological institutes

As mentioned earlier, neither ISO nor APl are
organized as test laboratories, and therefore they

do not have the capability to test a tank gauging
system against the requirements in a standard. Since
the test procedure is not described in detail in most
standards, it will be up to the test institute, who is
often the expert in this area, to define the procedure.
OIML has for their guidance developed a detailed
test procedure for OIMLR 85, and it is expected that
this procedure will be followed by all institutes. This
is a big improvement compared to how it was some
20 years ago, when each country had their own test
procedure, which made tested equipment more
expensive in each country, and also reduced the
number of available models of level gauges.

The procedure to get an approval in a country is
much easier today:

1. Use the test report made by a test institute
thatis approved for OIML R85 testing. This
report should state that requirements in R 85 are

fulfilled.

{ 2. Send the test report to the national test J

institute in the country subject to an approval.

U

3. The test institute in the country subject to
approval, may have comments or questions, and
it may be necessary to design a special approval
plate with the native language etc.

U

{4. When the above is performed, an approval can J

be issued.

This procedure assumes that the actual country has
accepted OIMLR 85 as the base for their national
requirements. Not all countries have yet become
members of OIML, but it is very rare that they will not
accept OIMLR 85, or have requirements that are not
in line with R 85.

Some OIML member countries have been approved
for making tests of level gauges according to the R 85
recommendation. Some of the most important are
mentioned below (in alphabetical order):

3.4.1 Nederlands Meetinstituut (NMi)

NMi has a long experience in testing level gauge
systems used for custody transfer, especially servo
based level gauges. They chaired the secretariat for R
85 for many years, and there is a long history of using
metrological sealed level gauges in the Netherlands.

@
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3.4.2 Physikalisch-Technische Bundesanstalt
(PTB)

Germany also has a long history of using level gauge
systems under legal metrological control, and the
approval of equipment has been made by PTB. Some
time ago Germany had their own requirement for
level gauge systems, but have now adopted R 85

as their national requirement. Germany has also

for many years had national requirements on the
temperature measuring system in a tank gauging
system. Surprisingly, they are alone on this despite
the fact that temperature is a very important
parameter in the assessment of a transferred
quantity. See chapter 6 and example 6.1 for the
influence of temperature on volume and mass
assessment.

3.4.3 Technical Research Institute of Sweden
(SP)

SP has also been accredited for the testing of level
gauge systems according to OIMLR 85. They

have a very good reputation for testing advanced
radar based level gauge systems, and they use

very advanced equipment for testing this type

of technology. The total uncertainty in the test
equipment they use is less than 0.17 mm (0.0067 in.)
over a 30 m (98 ft) measuring range.

3.4.4 Other national institutes

Bundesamt fiir Eich- und Vermessungswesen (BEV) in
Austria chaired the secretariat for R 85 for a number
of years in the past, and have also carried out some
testing against OIML R 85 requirements.

National Institute of Standards and Technology (NIST)
in the USA has recently taken over the secretariat

for R 85. Custody transfer under legal metrological
control is not well known in the USA currently,
however with the presence of API and many major oil
companies there is a lot of know-how in the country.
The fact that the institutes mentioned above are
experts on metrological issues and often have limited
knowledge of the practical life for a tank gauging
system, has sometimes raised criticism against
documents like R 85. With NIST as chairman (and
maybe with API involved) this could probably be
overcome.
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Volume and
mass assessment

Measurement data from a tank gauging system plays
an important role for the operation of both refineries
and terminals in the petroleum industry. Depending
on the type of operation, various calculations

are performed which to a high degree have been
standardized within the industry.

4.

4.1 Volume assessment

Calculation of volumes is central, and this procedure
is described in figure 4.1 below. For a more detailed
view, see figure 4.4.

]

Level

Tank Capacity
Table

Total Observed
Volume

o —

Gross Observed
Volume

Volume
le—  Correction
Factor (VCF)

Gross Standard
Volume

Sediment &
Water

Net Standard
Volume

Figure 4.1: Volume calculation flowchart.

4.1.1 Total Observed Volume (TOV)

The measurement value from the level gauge is
avalue that is calculated within the level gauge.
When calculating the value, corrections both for
reference height changes due to static mechanical
stress and temperature expansion/contraction

may have been applied. This corrected level value
is entered in what is referred to as a Tank Capacity
Table (TCT), also called a Strapping Table. The TCT
converts the level value to a volume value normally
called Total Observed Volume (TOV). Since the TCT
is only valid for certain temperatures, a correction
also needs to be applied to allow for tank wall
expansion/contraction due to the influence of
product temperature and ambient temperature. API
has stated that the tank wall temperature for non-
insulated tanks should be calculated as:

tankwall = 8

product 8

/ L1

ambient

Measuring the ambient temperature on a tank

may however require an expensive ambient
meteorological station on each tank, so in many
cases this figure is manually entered as a fixed value,
since it does not affect the final result very much.
The temperature effect from the liquid can however
be quite large on the TCT, especially on heated
products, or tanks which have ambient temperatures
which differ considerably from the calibration
temperature of the TCT.

The correction for a TCT due to temperature on a
cylindrical carbon steel tank is:

VolumeTCT . .=VolumeTCT x(1+AT
x0.000022)
Where AT = TTCI' calibration temp - Ttankwall

Some TCTs also state that a correction due to density
should be applied, i.e. this means that the TCT is only
valid for a certain product density, and a different
density will, due to more or less mechanical stress,

@
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Figure 4.2: Example of a Tank Capacity Table.

change the values in the TCT. Itis unusual to see this
correction today, but in case it is required, a modern
tank gauging system should have this possibility.

Another correction that should be made applies to
floating roof tanks with still-pipes. In a floating roof
tank, the roof will occupy a certain volume of the
product and it should therefore be subtracted from
the value given by the TCT. This correction depends
on the weight of the roof and the observed density of
the product, where the observed density is the actual
density of the product at the temperature when the
correction is made.

4.1.2 Gross Observed Volume (GOV)

The next calculation step is Gross Observed Volume,
which includes subtraction of any Free Water Volume
(FWV) from the bottom of the tank. The free water
level is either measured manually by hand dipping

or automatically with a Free Water Level (FWL)
measurement probe connected to the level gauge
system. The value from this probe or the manually
entered free water level value is entered into the TCT,
and the FWV value is subtracted from the TOV.

4.1.3 Gross Standard Volume (GSV)

All hydrocarbon liquids change their physical volume
in relation to their temperature. When stating a
volume value, this would be of no value without
stating at what temperature the figure applies to.

In the petroleum industry, this temperature value

is usually standardized to 15°C or 60°F, where the
Celsius value is commonly used in Europe, Asia,
Australia and South America. The Fahrenheit scale is

used in North America and often also for crude oil in
the Middle East. The conversion of Observed Volume
into a temperature Standardized Volume is carried
out using the API tables, where a conversion factor is
defined.

Since hydrocarbon liquids in the petroleum industry
may consist of many hundreds of different individual
liquid components, it will be difficult or unpractical to
determine the volumetric expansion of a product like
crude or gasoline based on the individual volumetric
expansion of the incorporated liquid components.
Instead a simplified approach has become an
accepted standard. It is based on the fact that there
is a correlation between volumetric expansion and
density. Instead of complex investigations of all
individual hydrocarbon components in a product,
only the density of the product is considered and
from that an estimation of the volumetric expansion
due to temperature is made. This method is not

100 percent accurate, but as long as all parties in

the petroleum business use the same method and
base the price on a product on this estimation, it
could be argued that the precision of this estimate is
acceptable.

This is the essence of the API tables, which were
firstissued in 1952. In the first issue there was no
differentiation between any petroleum products;
crude was handled in the same way as gasoline,
kerosene or fuel oil. In 1980, a new revision was
released which made a differentiation between crude
and refined products, where the refined products
were also divided into four different subgroups
depending on their density range. The 1952 tables
were based on printed tables, and the underlying
algorithms were not presented. There were even
some printing errors in these first tables and some
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values were adjusted by hand before printing. These
tables would be quite difficult to implement in a
computer today.

The 1980 table presented an algorithm which was
possible to implement effectively in a computer,

but the table had limitations in resolution. This
limitation was mainly a consequence of the fact that
the intention with the printed table was for the user
to have a look-up table and enter values rounded
off to the resolution in the table. The tables could

be entered into a computer, as long as the software
rounded the input values to the same resolution as in
the printed table.

With the introduction of computers which simplified
all these calculations, and new measurement
technologies which had a precision above the
resolution in the printed 1980 tables, the request
came up to have “tables” that were based on
algorithms only and where no rounding of measured
values were made. These tables were published

in 2004, and are often referred to as “the year

2K tables”. They use the same algorithms which
were the base for the printed 1980 tables but do

not require the rounding of the input values. With
improved measuring devices, they will therefore give
different results compared to the 1980 tables, and
with better precision.

Today all the tables described above are still in use,
and for different reasons. Some users have the 1952
tables as their standard since it appears that oil
exporting countries get some benefit from these
tables. Many use the 1980 tables, often because they
have not yet made any investment in new software
to be able to use the new 2004 tables. Buyers of new
tank gauging systems often request the new 2004
tables. A supplier of tank gauging equipment must
therefore be prepared to have both the new and all
the old API tables implemented in the tank gauging
calculation software, even though the old 1952
tables may be somewhat awkward to implement.

To change from one revision to another is more
complicated than it seems. On a refinery it might
mean that there will be a substantial change to the
inventory value of products, which could be difficult
to handle from an accounting point of view. Also all
transfer contracts and pricing to external customers
may have to be adjusted to the new revision.

The input values for the API tables are average
product temperature and density or thermal

expansion coefficient. The density value used in

the API tables must be the density at the same
temperature as the reference temperature for the
actual table, e.g. the density value for table 54 should
be the density at 15°C. In practice this is achieved

by taking manual samples of the product on tank,
these samples are then measured in a laboratory
either with a glass hydrometer or an electronic
density meter. The measurement also includes
measurement of product temperature, and the
corresponding density value is called “observed
density” (i.e. the density at the actual temperature
during measurement). To be able to use this value

in the API table, it should be converted to reference
density (using the same temperature that the table
refers to). This is made with another API table which
is linked to the volume table, i.e. if table 54A is used
then there is an API table called 53A which should

be used to convert observed density to reference
density. The same applies to table 6A, B and C, where
there are corresponding API tables called 5A, B and C
which give the gravity value for number 6 tables. In
modern tank gauging systems all these calculations
are normally available, i.e. the user only needs to
enter the observed density and related product
temperature of the sample, and the tank gauging
system will then calculate the value for reference
density that should be used for the VCF calculation.

Since engineering units vary globally, the tables are
also divided into tables using Celsius temperature
and density, Fahrenheit temperature and API gravity,
or Celsius temperature and specific gravity (specific
weight). Therefore the tables are referred to as:

¢ Table 6A, crude oil: Conversion using 60 °F and
API gravity

¢ Table 6B, refined products: Conversion using
60 °F and API gravity

¢ Table 6C, special products: Conversion using
60 °F and thermal expansion coefficient

¢ Table 54A, crude oil: Conversion using 15 °C
and density (at 15 °Cin vacuum)

¢ Table 54B, refined products: Conversion using
15 °Cand density (at 15 °Cin vacuum)

¢ Table 54C, special products: Conversion using
15 °C and thermal expansion coefficient
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The output from the API tables as above is a value
called Volume Correction Factor (VCF).

The Gross Standard Value (GSV) is then given by:

GSV =GOV x VCF

It should be noted that the C tables above may

be used for special products where the thermal
expansion coefficient is known. This is mainly the
case where only one or a few single hydrocarbon
components are present. There is also some use of
API tables, mainly in some South American countries,
which are based on specific gravity (specific weight)
and temperature corrected to 20 °C.

4.1.4 NetStandard Volume (NSV)

The Net Standard Volume (NSV) is the same as
GSV unless there is a measurable content of base
sediment and suspended water (BS&W) in the
product. This is mostly common in crude oil and
measured at laboratories in percent. Therefore, the
NSV is given by:

NSV = GSV - BS&W x GSV

4.2 Mass assessment

Standardized volumes are vital for a number of
operations in the petroleum and terminal industry
such as custody transfer, inventory management

etc. Sales of petroleum are in most cases based on
NSV, but there are a few exceptions where the mass
value is used in transactions. China is one example
that has practiced mass based custody transfer over a
number of years. Also, when selling refined products
over a weighing bridge it would be natural to sell

the quantity in mass terms. LPG is another example
where sales are often based on mass, using mass flow
meters for the measurement.

However, loss control is normally the most common
use case for mass measurement. If we imagine a
refinery which wants to estimate the efficiency or
the losses that occur in the process, volume is not
an option to use. The reason is that if they measure
the product input in volume terms then they cannot
compare that to the output volume from the plant,

since the chemical process changes the physical
composition of the crude oil. In theory one could
actually get more volume out from a refinery than
was putin.

It is different with mass, where the output would

be the same as the input if no losses occur and no
addition of weight is made in the process. Therefore
loss control is based on mass, not volume.

The term “mass” also needs an explanation, since

by definition it is the Weight in Vacuum (WiV). In
practice this unit is rarely used; the term Weight

in Air (WiA) is more common. WiA is calculated by
subtracting the weight of 1 cubic meter of air from
WiV. The weight of 1 cubic meter of air is typically
1.22 kg, which value is used in the calculation. This
value should be programmable for the operator since
it may vary slightly from country to country.

4.3 Quantity assessment of liquefied

petroleum gases

As mentioned in chapter 3, LPG transfers are
generally based on mass using mass flow meters.
Quantity assessment in volumetric terms is not
uncommon however, particularly for inventory
purposes, and in rare cases also for transfer. The
calculation of LPG volume is however problematic,
as the calculation of VCF via the API tables is not
supported. The reason for this is that the density
range for LPG products is below what modern API
tables are defined for. This is true for tables from
1980 and onwards, but the very old API tables from
1952 have a density range which could allow them to
be used for LPG products. The input from users has
shown that it is a quite common practice to use the
old 1952 tables despite the fact that they are only
available as printed tables (no defined data algorithm
is available), and they also have some printing errors
in the tables. This is of course not an ideal situation,
but since no other API tables are available this is
currently the only option.

There are also some special calculations for LPG
products since tanks containing liquefied gases
may have a substantial amount of product in the
gas phase. To calculate the total product volume,
the tank gauging system must be able to accurately
assess product volume and mass in both liquid

and gas phases. This involves the calculation of
Vapor Liquid Volume Ratio (VLVR) which requires
measurement of the vapor pressure in the tank.
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For this reason, an LPG level gauge should have a
pressure sensor attached (often integrated) for the
VLVR measurement.

The VLVR calculation method was published in

a preliminary 1SO standard which did not receive
the status as a final standard. However since the
calculation is based on general physics, the method
has received acceptance in the industry as the
standard method for calculation of VLVR.

An inventory control system as described above can
automatically carry out the total volume assessment
based on the tank liquid level, the volume tables, the
product properties and pressure measurement.

Figure 4.3: A pressurized tank with product in both liquid phase and gas
phase.
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Figure 4.4: Detailed volume calculation flowchart.
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5 - Accuracies and uncertainties

Accuracies and
uncertainties

The term “accuracy” is used in most level gauge
manufacturers’ sales documents. The definition

of accuracy is however somewhat unclear, unless
the manufacturer has actually specified it. It should
also be noted that in more precise documents like
the OIML R 85 this word is not used or defined.
Customers may ask themselves: does the accuracy
figure also apply when the level gauge is installed
on a tank? Does it consider all types of parameters
(temperature, pressure, EMC, ageing etc.) that may
influence the operation of the level gauge, and does
the figure mean that all level gauges will never show
an error larger than the accuracy statement?

5.

The reason for using the word accuracy is likely

to have a historical explanation, and it could be
assumed that since the interpretation varies, that
is also what some manufacturers want. Going back
to the questions above, it is worth considering the
following:

Does the accuracy figure also apply
when the level gauge is installed on
atank?

Aresponsible supplier of tank gauging systems will
clearly state that the figure applies to what is called
reference conditions and the supplier should also be
prepared to show the customer how these reference
conditions are set up. In other words, the user should
obtain a document from the supplier which details
the conditions in which the accuracy statement

was originated. The measuring range and the
temperature range should be addressed, and there
should be an uncertainty calculation of the precision
of the reference measuring system etc.

Aresponsible supplier will not guarantee the installed
accuracy, since that means guaranteeing the skill

of the persons making the comparing hand dip,
guaranteeing all types of conditions that could occur
in the tank, and also guaranteeing the mechanical
stability and method of installation for each tank. It

is not possible to guarantee all these things without
making a time consuming investigation, for which in
most situations there is neither time nor resources
available. A vendor that gives such guarantees

without knowing anything about the tanks or
operation of the tanks should be looked upon with
some suspicion by the user.

(mm) -
r"
4 et -
_.+7 0ld (R85:1998)
3 o
2 el

New (R85:2008)

m
. W )
5 10 15 20 25 30

New (R85:2008)

“~.. Old(R85:1998)

~

Downwards manual log
Upwards manual log

—=— Downwards autolog

—=— Upwards autolog

Figure 5.1: Graph showing OIML level accuracy requirements with a high
performance radar gauge.

Often when a user buys a tank gauging system
there is a certain goal that must be achieved,

like: “the system should be used for legal custody
transfer”. This means that it should not only fulfil
the requirements of accuracy under reference
conditions, but also fulfil the system requirements
when installed on a tank. This could mean that the
user needs to calculate how much it would cost to
make modifications to the tank to be able to fulfil
the installed accuracy statement. In this whole
process the experience and the help a manufacturer
can contribute is of great value to the user. A tank
gauging supplier may have experience from more
than 100 000 tank installations, and also have a
record and a reputation which may be easily checked
by the user. In this respect it is a good idea for the
customer to check for references from other users
who have tank gauging systems installed where the
requirements are high.

Does the accuracy figure apply to all
types of influences (temperature,
pressure, EMC, ageing etc.) that may
occur during the operation of the
level gauge?

@
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A level gauge which normally has an excellent
performance but performs poorly when an operator
starts using their walkie-talkie, or during a very warm
summer day, is not what a user wants. One easy way
for a customer to ensure the tank gauging system

is suitable for the intended operation, is to check

if it has been OIML R 85 approved. The customer
should also check that it is approved according to

the latest revision of R 85, which is currently from
2008. A serious supplier should also be prepared to
give the customer a copy of the R 85 test report if the
customer wants to check the results from the tests.
The OIMLR 85, 2008 is probably the best guarantee a
user can get with regards to these questions, except
possibly for the issues related to ageing.

The ageing of a tank gauging system is of great
importance, since its lifetime can be some 15-20
years or even more. The environment in a refinery

or tank terminal is often harsh, with high salt and
sulfur content in the air, solvents that attack rubber
or plastics and UV-radiation which breaks down paint
and plastics. References from other installations are
the best way to ensure that a long lifetime system is
selected.

Since the lifetime is long for a tank gauging system,
spare part availability is also important. Spare parts
from third parties may affect the performance of the
system and should be avoided. The supplier should
also show their life-cycle policy for spare parts.

Does the accuracy figure mean that
all level gauges will never show

an error larger than the accuracy
statement?

The accuracy figure may also mean typical accuracy,
meaning that the figure has some statistical
distribution (e.g. Gaussian) where some units

are within the range of the figure, but a certain
distribution may be outside. In this case the word
accuracy could be exchanged for uncertainty which
is a more appropriate term for a statistical method
of expressing performance. When statistical means
are used for the expression of performance, it is also
important to define the confidence interval for the
value, i.e. the sigma (o), where normally 2 sigma or 3
sigma are used.

Manufacturers who test every level gauge individually
before delivery can claim that the accuracy figure

is the maximum deviation that the unit will show
during final testing. The figure is then an approval
criteria in the production. OIMLR 85, 2008 states
requirements for use in legal custody transfer as:
Maximum Permissible Error (MPE) shall be + 1 mm
(0.04in.). If every delivered unit is tested to be within
this criteria, then the accuracy figure consequently
means all units are within the stated figure.

Also important is the uncertainty in the reference
measurement system when establishing the accuracy
figure. A metrological rule of thumb is that the
reference shall have an uncertainty at least 3 times
better than the figure it should verify. For verification
of a stated accuracy of 0.5 mm (0.02 in.) this would
then require a reference uncertainty in the range

of 0.17 mm (0.0067 in.), which implies very high
requirements on the reference measuring system,
and it typically requires expensive arrangements with
tracking laser equipment etc.

5.1 Uncertainties in tank gauging
systems

Following section aims to give some understanding
of what uncertainties can be achieved in a tank
gauging system.

A modern radar level gauge is capable of an intrinsic
accuracy (accuracy at reference conditions) of
maximum error + 0.5 mm (0.02 in.) and over the
whole temperature range (-40 °C to 85 °C) the
maximum error should be within + 1 mm (0.04

in.). The installed uncertainty on the tank may be
estimated to be in the range:

Level uncertainty (installed) = 2 mm

This assumes a high performance custody transfer
level gauge with proven performance. The

method of installation is important; the installed

level gauge must be rigidly mounted to the most
mechanically stable point of the tank. This is normally
accomplished by installing the level gauge on a still-
pipe, which is either mechanically fixed to the tank
bottom or the lower corner between tank wall and
tank bottom. For further installation guidelines see
API Ch. 3.1B. Certain corrections may be necessary

to achieve 2 mm installed accuracy like correction of
thermal expansion of still-pipe etc. Corrections like
this should be available in these types of level gauges.
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One problem could be to verify an uncertainty in
this range with hand dip. It would require a very
experienced person to make hand dips with an
uncertainty in the range of 1 mm (0.02 in.) or less,
but some metrological authorities claim that it

is possible. It is clear however, that this is not a
common day-to-day practice because it can only be
done under very well controlled conditions.

Level uncertainties in transfers are affected by

the fact that a custody transfer is a difference
measurement, i.e. the difference in level at start and
at end of transfer is measured. Some types of errors
will thereby be cancelled out in a cylindrical tank, e.g.
an offset error of the level gauge will be the same
before and after transfer, and will subsequently have
no (or very little) influence on the transferred batch.

_—

Uncertainty

Uncertainty

Uncertainty

Figure 5.2: Uncertainty when measuring batches could be reduced by offset
error elimination.

Uncertainty in average product temperature: 0.3 °C

To achieve 0.3°Cinstalled accuracy, a multi-spot
Resistance Temperature Detector (RTD) with

sensor elements at various heights in the product

is required in most cases. A stable electronic
temperature conversion unit converts the resistance

Density at 15°C

739.0 7394 7413 742.0

-0.80 -0.75 -0.50 -0.40

(% reading)
VCF

Computed

value to digital format, and the electronics should
be designed for full accuracy at actual ambient
temperature conditions.

Uncertainty in density measurement: 0.5-1.5 kg/m?

Figures on accuracy for manual density sampling
are often in the range of 0.5 kg/m?. The actual
accuracy of laboratory measurements is better, but
the handling of the sample on the tank roof, and
how well the sample represents the product may
introduce additional errors.

For automatic measurement with the hybrid type
system (see chapter 8), the accuracy is mostly
determined by the precision of the pressure
transducer. The accuracy will also vary depending
on the liquid level in the tank, i.e. at low liquid levels
the accuracy will deteriorate, since offset drift in the
pressure transmitter will affect the reading more than
at high liquid levels. Typical accuracy figures which
are achievable with standard pressure transmitters
are around 1.5 kg/m? at 3 meter liquid level (with
better results at higher levels).

The main impact density has on the transfer
calculations is seen when using API tables for
calculation of Volume Correction Factor (VCF) and
standardized volume. However, the API tables are
not very sensitive to density variations. In most
areas of the API table the density can be varied by
approximately 7 kg/m? without any visible change
in the last decimal of the VCF figure. An example
is shown in table 5.1, where density can vary from
739.4 - 746.9 kg/m? without affecting the value of
the VCF figure.

Uncertainty in Tank Capacity Table: 0.01-0.10%

The precision in the Tank Capacity Table (TCT)
varies with respect to which calibration method

742.8 745.0 745.8 7465 7469 747.2

-0.30 0.00 0.10 0.20 0.25 0.30

0.9938 0.9939 0.9939 0.9939 0.9939 0.9939 0.9939 0.9939 0.9939 0.9940

Table 5.1: Density variation does not affect the Volume Correction Factor to a large degree.

o
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has been used, and the time since the calibration
was performed. Old calibration methods often

state an uncertainty of 0.10% in the TCT, but recent
calibration methods based on EODR (Electro-Optical
Distance Ranging) have shown figures as low as
0.01% - 0.02%.

The fact that custody transfer is a difference
measurement also affects the uncertainty in the

TCT, and errors are to a certain degree cancelled

out. Particularly on small transfers this cancellation
effect can have a large impact and uncertainty may
be better than the figures above. Also, an offset error
due to difficulties in estimation of the bottom volume
will thereby have no (or very little) influence on the
transferred batch, since this part of the tank should
not be used for transfers.

So what will the above uncertainties end up as when
it comes to standardized volume and mass? To
answer this question, all the uncertainties above need
to be taken into account for calculation of a figure.
This work has been discussed within OIMLR 85 for a
number of years, but a document has so far not been
issued and no working committee has been set up.
The figure that has been discussed as a requirement
for custody transfer has been in the range of 0.5 %
based on mass, and this is also a figure that some
metrological authorities use today when they use
mass based custody transfer. The future will tell what
requirements will be set in forthcoming standards.

5.2 ATG system vs. flow meter system
Atank gauging supplier often gets the question:
“How accurate is a tank gauging system compared
to a flow meter based system at transfers?” This
question may be answered “It depends on the actual
transfer”, but one basic fact is illustrated in figure 5.3
below:

Automatic
Tank Gauge

Performance

Batch size

Figure 5.3: ATG systems perform better than flow meter systems when
handling large batches, and vice versa.

Figure 5.3 shows that in general an Automatic Tank
Gauge (ATG) system is superior for handling large
transfer batches, and a flow meter system is superior
for smaller batches. Where the intersection of the
two curves is located varies between different tanks,
and the shape of the tank has certain influence.
There is however a lot of other factors that also may
influence the performance, and in general it can be
said that:

ATG’s may not perform well if:
¢ Batches are small

¢ Tank Capacity Table is old or badly strapped

¢ Tanks are deformed or mechanically unstable
Meters may not perform well if:
¢ Batches are large

¢ Product contains abrasive material, sand etc.
which damages mechanical parts

¢ Product s viscous (bitumen, lube oil, waxy
crude etc.)

¢ Thereis alack of proper meter calibration
facilities

The last point above may be considered in particular.
Calibration of an ATG system is normally very simple
and low cost compared to meters which require
complex and expensive equipment.

What should also be considered is that an ATG
system is normally also required for other purposes
such as:

¢ Operational control
¢ Inventory control
¢ Mass balance and loss control

¢ Oneindependent layer of overfill prevention
and leak alarm

If we assume there always has to be an ATG system
installed for the above purposes, the additional cost
for using the ATG system for custody transfer can
also be estimated. There is a somewhat higher price
for a custody transfer class ATG system, compared
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to a system with lesser performance. However,

the lifetime of an ATG system is often very long
with an average of around 15-20 years. In this time
perspective the additional investment in better
performing equipment will be negligible. Also,

the procedure of supervision of the performance
(subsequent verification) when the system has been
installed on a tank is limited to some hours per

year by an independent resource. The total overall
additional cost to have an ATG system with certified
custody transfer performance can therefore be
considered low.

The status of the Tank Capacity Table should also
be considered. It is well worth considering a re-
strapping of an old tank according to new modern
methods, especially if the strapping was made a
long time ago. The cost for re-strapping may not be
high considering the measurement error in terms
of product volume that can occur during a single
emptying or filling operation of a tank.

For product transfers, many operators use both an
ATG system and a flow meter based system. They can
then compare the result from both technologies and
investigate the cause if the difference is too large.

5.3 Process level gauges vs. tank
gauging level gauges

It may be tempting for a user to go for a radar based
process level gauge in a tank gauging application,
since the cost often is lower (see chapter 2). In this
case there is a number of important factors to bear in
mind, presented in the following sections.

4-20 mA

5.3.1 System architecture

Most process level gauges are designed to produce
only level information to a DCS system, and there
are no particular ATG functions available. Such a
function could be an integrated average temperature
measurement which considers the level in the tank,
correction algorithms for tank wall expansion,
temperature correction of Tank Capacity Tables etc.
Also, most process level gauges are using a 4-20 mA
current loop which has a resolution that is too low
for tank gauging purposes, and the unit may lack
communication possibilities for a more efficient or
advanced digital bus. Some tank gauging systems
also have the possibility to handle existing cabling
from old mechanical level gauges, and can often
coexist with them by emulating the old level gauges.
Software functions for complex standard volume
and mass calculations are also required and these
are normally not available in standard PLC or DCS
systems.

5.3.2 Accuracy statement

A process level gauge is often optimized to

handle difficult operating conditions such as
turbulent liquids, product foam, high pressure and
temperature. In such conditions the focus is not on
accuracy. Despite this, accuracy statements like

“3 mm accuracy under reference conditions” for a
process level gauge may be seen. This may be true
under reference conditions, but in a tank gauging
application it is necessary to know how big the
temperature influence is. Typically there is a very
big discrepancy compared with a tank gauging level

Guided wave radar
level transmitter

Figure 5.4: Typical process level transmitter architecture.
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Figure 5.5: Typical tank gauging system architecture.

gauge, which if OIML R 85 approved, is not allowed to
vary more than 1 mm (0.02 in.) in the whole ambient
temperature span. If the statements on temperature
influence on a process level gauge (if stated at all

by the manufacturer) are checked, typical figures

on accuracy in the range of 20 mm (0.8 in.) or more
over the intended ambient temperature range can
be seen. This temperature dependency often makes
the process level gauge unusable in a tank gauging
application. Just a difference in temperature between
day and night may be enough to make an operator
nervous, since it could look like there is a leakage

in a non-active storage tank. Inventory estimations
can vary considerably with the weather, and mass
balance and loss control may be inaccurate.

The difference in temperature influence between a
typical process level gauge and an ATG is due to the
technology used. An ATG level gauge is normally
based on FMCW technology which is easier to
design with little temperature influence, compared
to a pulsed (also called time-of-flight) process level
gauge, where it is a challenge to get the timing
circuitry temperature stable.

5.3.3 Lifetime expectations

The lifetime of a tank gauging system is often in

the range of 20 years or even more, which is rarely
the case for a process level gauge. During this

time period there must be spare parts available to
secure maintenance without serious operational
disturbances. The lower cost and the simple 4-20
mA connection to a DCS system used by a process
level gauge may imply that a change of the complete
level gauge unit is all that is required. A check of the
manufacturers’ life-time policy may be important.

5.3.4 Installation

A process level gauge is often designed for
installation on smaller vessels with narrow openings,
which often would disqualify a typical ATG level
gauge. ATG level gauges based on radar often have
larger antenna apertures to allow installation on
available manways on storage tanks. These are often
located close to the tank wall since this section is
regarded as a reasonably stable installation point.

@
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The larger antenna aperture on an ATG level gauge
will allow installation close to the tank wall without
degraded performance resulting from interfering
radar echoes from the tank wall. An antenna that

is too small would in this case have its installed
accuracy affected by the interfering echoes. It is
possible to increase the frequency of the radar

signal to some extent to get higher directivity of the
transmitted radar beam and thereby avoid tank wall
influence. There are however other disadvantages
with higher frequencies and since the size of the tank
openings is rarely critical on storage tanks, they offer
no benefits in most cases.

5.3.5 Installation on still-pipes

In ATG applications it is common that the level gauge
installation is made on a still-pipe. The reason is that
a still-pipe, correctly installed at the tank bottom or
lower part of the tank wall is a very stable reference
point for the level measurement. Another reason may
simply be that the tank has a floating roof, and it is
necessary to penetrate the roof with a still-pipe to get
access to the liquid surface.

The percentage of installations that require
installation on still-pipes is approximately 50%

in ATG installations and close to 0% for process
installations. As a result of this it is very rare to see
process level gauges supplied with the special type of
radar antenna that is required for high performance
installations on still-pipes. To use a standard free-
propagation device on a still-pipe would give very
poor measuring results since they do not have the
special HO1 transmission mode which is necessary
(see chapter 2). This absence of a suitable antenna
solution for still-pipes may therefore be the major
difference between a radar based ATG level gauge
and a process level gauge.
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6. Temperature

measurement

Measurement of product temperature is vital in

a tank gauging system for input to the Standard
Volume and Mass calculation, and it has a greater
importance than some users may think. In the past
(and also to some extent today), storage tanks could
be seen with only one temperature sensor mounted
on the tank wall near the bottom of the tank. This
type of arrangement will not show a representative
value of the overall product temperature, since all
storage tanks will show a considerable temperature
gradient from top to bottom. This can to some
extent be minimized by agitation of the product,
but agitation is in most cases unwanted since

it will increase evaporation in or from the tank.
Figures on how much temperature difference can

be expected in a normal cylindrical tank that has
been settled is in the range of 1-4 °Cin a vertical
direction. Cold products will have higher density and
will therefore end up at the bottom of the tank. The
temperature gradient in a horizontal direction has
often been debated, but under normal conditions
APl documents state that the horizontal temperature
difference in a storage tank is less than 0.5 °C.

Figure 6.1: Top mounted temperature transmitter for up to 16 spot
temperature elements.

/

temperature of 1°C:

in the range 600-800 ppm per 1 °C.

the parties involved in the transaction.

-

Example 6.1: Volume error given by temperature error
The following example illustrates how large volume error will be given by an error in the average product

In a normal, typical cylindrical shape product tank, with a height of 20 m, a diameter of 36 m, and a total
tank volume in the range of 20 000 m?, the error in volume will be:

Volume error =20 000 x 700 x 10 = 14 m?

where 700 x 10 is based on the assumption that the volume of petroleum products is affected by temperature

This may not seem too alarming, but if one considers that the temperature error might be systematic, i.e.
if a similar error occurs every time when filling or emptying a tank, it will cause considerable loss to one of

~

J

In a tank the same size as in example 6.1, a level error
will correspond to approximately 1 m? for each mm.
The 1 °Cerror in temperature will then influence the
volume the same as a level gauge error of 14 mm!

The tank gauging system is therefore poorly matched
if the level gauge has an installed accuracy in the
range of a few millimeters and the temperature
measurement has an accuracy of +1 °C. To be able to

©
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end up in the same accuracy class as the level gauge,
the temperature measuring system must first of all
be able to handle the temperature gradient. That

is, it needs to be of the multi-spot type measuring
temperature at different heights in the tank and
calculating an average from the sensors which are
submerged in the liquid. Secondly, the temperature
sensor combined with conversion electronics should
have an accuracy far better than + 1 °C.

6.1 Influence of API tables

Alimitation in the temperature measurement related
to the API tables and the Volume Correction Factor
(VCF) calculation should be considered. The API
tables before 2004 only had a resolution of 0.25 °C
(0.5 °F), which made temperature measurement
accuracies better than 0.25 °C meaningless. The
typical sensor type that is used in this case is 3-wire
Pt100 elements, where the error due to different
resistance in the three wires in most cases should be
possible to get below 0.25 °C.

Still, if the temperature precision is only as good as
0.25 °C, the corresponding level error in the tank
example above is in the range of several millimeters,
and on large crude tanks the figure can be a lot
larger. A modern level gauge has an intrinsic accuracy
of 0.5 mm (0.02 in.) and when applying certain tank
corrections the installed accuracy could be in the
range of 2 mm (0.08 in.) or better. This is why it is
important to decrease the error in the temperature
measurement, and to arrive at an accuracy in the
range of 0.1 °C or better. Since the introduction of
the new higher resolution 2004 API tables, using
these high accuracies is now highly relevant.

The 2004 tables are different compared to all the
earlier tables in that they do not use the tabulated
VCF value (the printed value) from the APl table.
Instead it is the result from the algorithm behind the
table that is the correct value. This is a consequence
of the fact that that operators today do not use the
table value but instead have a computer program
which has the algorithm implemented to enable the
computer to make the calculation. However, when
the computer makes the calculation for the old tables
it should round off the temperature value to nearest
0.25°C, to get the same result as in the printed table.
This is different in the 2004 table, where the rounding
instead should be to the nearest 0.1 °C. This means
that if the temperature system has measured and
calculated an average liquid temperature of 18.37 °C,

the value 18.4 °Cshould be used in the algorithm, not
18.25 °C as with the old tables.

The new API tables open up possibilities for

better volume estimation through more precise
temperature measurements. The resistance
difference possible in a 3-wire Pt100 system is
therefore not uncritical anymore, and there is a clear
trend to go for 4-wire Pt100 sensors instead. A 4-wire
Pt100 sensor will fully compensate for the resistance
difference in wires from conversion electronics

to the Pt100 element. It requires a resistance to
temperature conversion unit that is designed for
4-wire connections, and the conversion electronics
should have sufficient accuracy and ambient
temperature stability.

Figure 6.2: Left - Multi-spot temperature sensor with Pt100 elements
and corrosion resistant metallic sheath. Right - Complete temperature
measuring assembly with transmitter, sensor, optional water level sensor
and anchor weight.

The Pt100 sensor elements exist in different accuracy
classes, and in general 4-wire elements use the
highest accuracy classes. Some manufacturers also
issue a calibration sheet together with each element.
This calibration sheet could then be used for entering
corrections of the sensor element and thereby
improving the accuracy even more. To do this
automatic calibration, a corresponding function must
be available in the temperature measuring system.
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To summarize, it could be stated that temperature
measurement must not be a limiting factor for a
proper performance matching with the level gauge in
a tank gauging system. However, the aspects above
should be considered and they are as important for
correct volume estimation as the performance of the
level gauge.

6.2 Systematic measurement errors
Measurement errors that can be described as
systematic should be avoided as far as possible

in a tank gauging system, since they will multiply
over time and can create a considerable loss for a
buyer or a seller. For level measurement with a radar
level gauge, the error is mostly of a random type
but for temperature measurement it can often be
systematic.

Example 6.2: Temperature measurement
using only one sensor

In a common case where only one temperature
sensor is installed at the bottom of the tank

it is certain that this will not represent the
average temperature of the product in a settled
tank. If the temperature gradient is 4 °C the
temperature sensor can be expected to show

an error in the range of a 2 °C too low average
temperature each time a transfer from a full

tank is started. Expressed in Standard Volume it
means the volume is overestimated at the start,
and in example 6.1, this would for a typical tank
correspond to an error of 28 m?. This means that
28 m?less is delivered than the measurement
indicated. The implication is that the error is
approximately the same every time a transfer
from this tank takes place, since the temperature
stratification, due to its physical nature, is
systematic. With a turn-over rate of 30 times per
year, it will end up in the range of 800 m? per year
or some 40 full tank trucks, for one tank only.

. J

The scenario in this example illustrates the
importance of using a multi-spot temperature
sensor, but it is still important to take care, since
an error in one temperature element could cause
a similar systematic error; the faulty temperature

element may only be included in the average
temperature measurement at certain liquid levels
and excluded at lower levels. The quality of the
multi-spot sensor is therefore important, and the
performance of each element may be subject for
check at certain intervals.

Example 6.3: Volume error caused by
temperature error compared to corresponding
level gauge error for a 20 m high tank with a
diameter of 36 m and a volume of 20 000 m°.

Temperature Resulting Corresponding

error (°C) Volume error Level gauge

(L] error (mm)
0.25 3.5 3.5
0.50 7 6.9
0.75 10.5 10.3
1.00 14 13.8
1.25 17.5 17.2
1.50 21 20.6
1.75 24.5 241
2.00 28 27.5

6.3 APIstandard

API MPMS chapter 7.3 “Temperature Determination
- Fixed Automatic Tank Temperature Systems”

was released in 2011 and describes the methods,
equipment and procedures for determining the
temperatures of petroleum and petroleum products
under static conditions by using an automatic
method.

Guidelines for equipment and design requirements
are given, among other things recommending
Resistance Temperature Detectors (RTD’s) and the
use of multi-spot averaging sensors for custody
transfer applications. It provides installation and
accuracy requirements and suggests procedures
for the inspection and verification of a complete
Automatic Tank Thermometer (ATT) system.

@
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6.4 Location of spot elements

To achieve a good representation of the average

A L temperature in an upright cylindrical tank, the
temperature spots should be evenly positioned with

at least 2-3 mintervals.

To avoid possible influence from ground
temperature, the lowest spot should be placed
around 1 m from the tank bottom. Furthermore, to
H avoid ambient temperature influence, the sensor
m should be installed at least 1 m from the tank
wall and close to a gauging hatch for verification

H purposes.

6.5 Additional uses of temperature
A measurement in tank gauging

In addition to the use for Standard Volume
calculation, the temperature measuring system is
also used for other purposes, see following example:

et

Figure 6.3: Spot temperature elements should be placed with equal 6.5.1 Correction of tank height

distance between each element.
Most level gauges measure the distance from their
mounting position down to the liquid surface (ullage
measurement), and calculate the level by subtracting
ullage from the reference height (the distance from
the level gauge mounting point to the datum plate).
This calculation will show an error if this distance is
not constant, i.e. the level will vary with the reference
height change. One type of change which is easy to
compensate for is the thermal expansion/contraction
of the tank wall or the still-pipe. With a multi spot
temperature sensor installed from the top of tank
° down to the bottom, an average temperature
5 value of either the tank wall or the still-pipe can be
estimated. In this case all individual temperature
elements are used for the average temperature
calculation, and a correction can be applied on the
reference height based on thermal expansion of
o carbon steel (10-12 ppm/ °C).

For correction of a tank wall, the fact that there is
liquid on the inside of the tank and air on the outside,
as well as different media involved, should be taken
into account. The thermal influence is quite different
for air and liquid and API has stated that tank wall

temperatures in each measuring point should be
Figure 6.4: On floating roof tanks, a still-pipe is often used for the calculated as:
temperature sensor installation.
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1 7
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The ambient temperature can be difficult to measure
since it may be affected by sun radiation, and
position of the actual temperature sensor on the
tank. A correct ambient temperature would probably
need an advanced metrological station on each

tank and in practice most users do not make this
investment since the influence is quite small. The
accuracy of the temperature measuring system is
uncritical for this correction, see example 6.4.

4 )

Example 6.4: Reference height error

An error of 5 °C when doing a correction of a 20
m high still-pipe or tank wall will only give an
error on level as:

Reference height error=5x 10 x 10°° x
20000=1mm

where 10 x 10 is based on the assumption that a
carbon steel tank wall expands 10 ppm/1 °C.

A modern level gauge system should, if required,
have the capability to correct these reference

height changes.

- J

6.5.2 Correction of Tank Capacity Table

A Tank Capacity Table (TCT) is only valid at a certain
temperature, i.e. the temperature the tank shell had
when it was calibrated. The product temperature will
affect the tank shell which will expand or contract
depending on the temperature. The same tank as

in the previous example (20 000 m?) is affected by

a temperature change of 5 °C from its calibration
temperature as:

5x20x10°x20000=2m?

where 20 x 10 is based on the assumption that the area
expansion of a carbon steel tank wall is 20 ppm/1 °C.

The error received when not making this correction
of the TCT may not upset a user, butin large or
heated tanks the error may be much larger. If the

tank already has a temperature measuring system, it
is an easy operation to activate the correction in the
software, so there should be no reason not to use it.

6.5.3 Correction of hand dip tape

When making a reference measurement with hand
dip it should be considered that the hand dip tape
only shows the correct value if the hand dip tape has
the same temperature as when it was calibrated.

For normal daily hand dip it may not be necessary
to correct for this temperature influence, but when
making reference measurements or measurements
in heated tanks the hand dip tape may show large
errors. Below is an example from a heated bitumen
tank.

4 )

Example 6.5: Tape error in heated bitumen
tank

Tank same as before: 20 m high, half full,
temperature in tank above liquid 170°C, tape
calibrated at 20°C, ullage dip (due to bitumen):

Tape error =(170-20) x 10 x 10° x
10000=15mm

With this ullage dip at 10 m, the tape will show a
15 mm error reading.

-

J

If the tank has an installed temperature measuring
system, this may be used for estimation of the
temperature of the tape after insertion in the tank.
In general the tape will very quickly adopt the same
temperature as the vapor in the tank, therefore the
vapor temperature measured by the tank gauging
system could be used for the correction.

@
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7. Liquefied gases

Radar tank gauging has been used on liquefied gas
tanks since the 1980’s. Today, several thousands of
pressurized Liquefied Petroleum Gas (LPG) tanks and
non-pressurized Liquefied Natural Gas (LNG) tanks
are equipped with high performance radar tank
gauges.

A successful radar level gauge design for liquefied
gases should be based on using a still pipe in the
tank. The radar gauge is bolted to a tank nozzle at the
top of the tank. A still pipe, normally with a 100 mm
(4in.) diameter, is connected to the same nozzle and
reaches down to the bottom of the tank.

The still pipe is equipped with one or more
verification pins. These pins are mounted during
the installation at known positions. The pins will
generate small verification echoes used for gauge
verification at normal working pressure in the tank.
The radar tank gauge can perform a verification
test at any time without interfering with the normal
liquid measurement. The result of the automatic
verification should be presented at a service window
of the diagnostic software embedded in the user
interface.

Reference
pin

—_— =

Still-pipe
9100 mm

Figure 7.1: Level measurement in an LPG tank using a still-pipe with
reference pins.

7.1 Radar tank gauging for LPG

The use of automatic tank gauging on pressurized
tanks is described in API MPMS Chapter 3.3.

Special considerations must be taken into account
when designing radar tank gauges for pressure
applications. Firstly, the unit must withstand the
tank pressure and meet the safety standards written
around pressure vessels. Secondly, the radar gauge
must be manufactured so that it can effectively cope
with the challenges that high vapor pressure may
cause in such tanks. Thirdly, the radar tank gauge
should have some means of performance verification
during normal tank conditions.

Figure 7.2: A radar gauge for pressurized LPG tanks must cope with
challenges caused by high vapor pressure.

Typical applications for this type of radar tank gauge
are spherical and horizontal tanks used to store LPG
or other liquefied gases.

Figure 7.3: Spherical and horizontal tanks used for storing LPG.

o
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7.2 Radar tank gauging for LNG

The basic gauge design used for radar gauging on
LPG tanks is also used on LNG tanks. Radar based tank
gauging is today widely used for level measurement
and overfill prevention in LNG storage tanks. This
non-contact method with no moving parts offers
advantages in terms of reliability and a less frequent
need for maintenance. Radar is particularly suitable
in LNG applications where in-tank maintenance is
only possible at scheduled maintenance periods
which have several year intervals. Also, the often
long measuring distances in this application make
non-contact measurement an attractive alternative.
Today most LNG storage tank building projects
have a preference for radar technology in level
measurement and overfill prevention.

Picture 7.4: Still-pipe cluster inside an LNG tank.

A typical storage tank for LNG holds more than

50 000 m? representing a value of around USD15
million. Both from an economic, operational and
safety aspect, the data measured by the tank
gauging system has a large impact. A precision radar
tank gauge delivers accuracy in the range of one
millimeter over the entire tank height.

7.3 Typical system configuration

A typical radar based LNG tank gauging system with
a configuration focusing on high reliability combined
with high measuring performance can have the
following main components:

¢ One primary high precision radar gauge for
level measurement.

¢ One secondary high precision radar gauge for
level measurement.

¢ Two (2) temperature transmitters, each with
up to 16 spot temperature sensors for average
liquid temperature measurement.

¢ Athird radar gauge allocated for independent
high level alarm. The gauge gives output to an
alarm panel via SIL 2/3 rated relay or 4-20 mA
signals.

¢ Transmitters and temperature elements for
skin temperature measurement.

¢ Aseparate device for temperature and density
profiling (LTD).

¢ Graphicalfield display.

¢ “Tank hubs” for data collection from field
instruments and data transmission to the
control room area.

¢ Data concentrators in the control room
area for providing data to DCS systems, HMI
systems and communication with general IT
systems.

¢ LNG management software for operator
interface and reports. The workstations are
configured in a network for data distribution
and increased redundancy.

The radar level gauge antenna for LNG should be
designed for measurements on cryogenic liquefied
gas. Radar signals are transmitted inside a 4-inch still-
pipe which enables the gauge to have a sufficiently
strong echo even under surface boiling conditions.
The tank seal is equipped with a double block
function, consisting of a quartz/ceramic window and
a fire-proof ball valve. A reference device function
enables measurement verification with the tank in
service.

@
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( 4 ESD

o Primary Radar Level Gauge

e Secondary Radar Level Gauge

e Temperature Transmitter and

Tank Hub
Cryogenic Multiple Spot Thermometer o anid

o Independent Level Alarm
(Continuous Gauge)

e Level, Temperature and Density (LTD) Gauge

G Skin Temp Transmitter and Sensors

e Graphical Field Display

m Data Concentrator
@ LNG Management System

@ DCS/Host System

9 SIL 2/3 Relay or 4-20 mA Alarm Signal

@ Independent Alarm Panel

Figure 7.5: Example of a high performance LNG tank gauging system.

For land based LNG level measurement, the two most
common types of gauges used today are mechanical
servo gauges and radar gauges. The mechanical
servo-operated gauge relies on a mechanical
displacer attached to a wire on a drum. The displacer
is lowered by the servo motor to the liquid and
follows the surface movements. Intrusive gauging,
many moving parts and a significant maintenance
program are challenges connected with servo based
gauging systems.

Safety and overfill prevention is a major concern

for any tank facility used for bulk liquid storage of
flammable liquids. Many of the first applications of
radar on LNG was for independent overfill prevention,
since the mechanical servo gauges used for regular
level measurement did not meet the requirements.
Today it is often required that the radar tank gauges
have SIL 2 rated high level alarm capabilities. Multiple
SIL rated radar gauges can be connected in a SIS

loop so that voting between the high alarms is
accomplished. It is also possible to utilize a 2-in-1
radar for the same purpose.

A typical instrument configuration on an LNG
tankincludes an LTD (Level Temperature Density)
sensor. The LTD data is used by special software for
roll over prediction. Roll Over is a phenomenon in

a cryogenic tank that has the potential of causing
large uncontrolled vapor emissions. By measuring
the density and temperature profile the risk of a roll
over can be predicted. Actions to mitigate the risk
of roll over can then be initiated depending on the
recommendations made by the software.
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Additional
Sensors

For most tank gauging needs, level gauging and
temperature measurements are sufficient to perform
the required volume calculations. However, in many
cases sensors are added for the measurement of
observed density and free water level at the bottom
of the tank.

8.

8.1 Density measurement and hybrid
tank gauging

A hybrid tank gauging system measures both level
and pressure. The output from a pressure sensor is
used in combination with the level value from the
tank gauge. From these two variables, the observed
density of the tank content can be calculated online.
The API standard MPMS Chapter 3.6 describes the
use of hybrid tank gauging and how the density is
calculated.

In an open ventilated tank, with either a fixed or
floating roof, only one pressure sensor is used (P1).
If there is any pressure in the tank from blanketing
or another source, a second pressure sensor (P3) is
required.

Liquid

Hybrid
Datum reference
plate point

Figure 8.1: Density measurement is carried out with the help of a level
gauge and one or two pressure sensors.

Calculating observed product density,

1. Observed Product Density (D_, ) in vacuum

obs

Hybrid density calculations are based on the fact
that product density is proportional to the liquid
pressure and can be calculated as below:

P1 - P3 = total liquid product head + in-tank vapor
head - ambient air head between P1 and P3

Head pressure in both liquid and vapor is
approximately the same as the product of average
density and head:

Liquid head pressure =g x (L-Y)xD,,.
(at level of P1)

In-tank vapor head =g x [H,- (L- Y)] xD,
(at surface of the liquid)

Ambient air head =g xH,xD,
(at level of P1)

Then, the value of D, _can be calculated from:

N(P1-P3)-g(D,-D, )H,

obs g(L _ Y) v
Where:

D,,. = observed liquid density in vacuum
N = units constant

Y =H, + H, (the vertical distance from P1 sensor to
tank datum plate)

N

©
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mass in vacuum, mass in air and gross standard volume

L=ATG level (innage) 3. Product Apparent Mass in Air (M)
H, = vertical distance from sensor P1 center of force
to the hybrid reference point D,
M =M/T- D )
H, = vertical distance from the tank datum plate to obs
the hybrid reference point
g = local gravitational acceleration Where:
H, = vertical distance from P1 to P3 diaphragms M = Total product mass (in vacuum) from 2.

centers of force

D, = Ambient air density
D, = in-tank vapor density

D,,. = Observed liquid density (in vacuum) from 1.
D, = ambient air density

Note: If the hybrid reference point is at the same
elevation as the tank datum plate, H, is zero.
4. Gross Standard Volume (GSV)

2. Product Mass Calculation in vacuum (M) GSV =GOV x VCF
Where:

M=GOVxD,, - WR
GOV = Gross observed volume

Where: VCF = Volume correction factor, typically obtained
from MPMS Chapter 11.1, ASTM D-1250

GOV = Gross observed volume

D,,. = Observed product density (in vacuum) from 1.

WR = Floating roof mass (if applicable)

Note: In atmospheric storage tanks, the mass of
product in vapor can be set to zero.
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8.2 Pressure sensors used in hybrid
tank gauging

The accuracy of the calculated Observed Density

is dependent on the performance of the pressure
sensors used. Due to the pressure sensor
characteristics, the density accuracy varies over the
level span in the tank. The highest density accuracy
is achieved at high liquid levels. The accuracy is
reduced when the tank level is close to the P1 sensor.
There is a certain cut-off level, meaning that density
measurements are inhibited below this point.

Only the most accurate pressure sensors should be
used for hybrid tank gauging. The accuracy required
isin the range of 0.035% of span.

8.3 Installation considerations

To gain the best range and accuracy, the P1 sensor
should be located at a point as low as possible in the
tank. However, the location must not be so low that
interference from free water and sludge will cause
measurement problems. Typically the P1 sensor is
mounted at a level between 0.5 and 1 meter from
the tank bottom. The pressure sensor should also be
installed with a block off valve in such a way that the
sensor can be removed and serviced.

The P3 sensor is located at the top of the tank above
the highest liquid level.

8.4 Free water level measurement

Petroleum storage tanks may accumulate water

in the bottom. Sources of this water may be
condensation of air moisture entering vents as the
tank is emptied or rain water accidentally entering
the tank. There may also be water ingress into the
product before the tank s filled. This is common for
crude oil tanks and may pose problems if the water
level gets too high. To avoid this, the free water must
be drained from the tank. As a general rule, water
content should be kept as low as possible.

To keep track of the free water level, sensors
connected to the tank gauging system are utilized
wherever required. The free water level data is also
used in the inventory calculation to achieve proper
product volume assessments.

The water level sensor is an interface sensor

which determines the line between the water and
the hydrocarbon above it, which can be a very
challenging task. In tanks with refined white oils, the
cut between the water and oil is often well defined
and easy to measure, but in tanks with black oils

or crude oil the interface tends to be an area of
emulsion, making the cut hard to define.

Capacitance based water level sensors are normally
used in combination with the other components of

a tank gauging system. The capacitance sensor is
normally integrated with the temperature sensor.
This enables the combined level/temperature sensor
unit to be installed in only one tank aperture sized 50
mm (2in.) or larger.

@
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9. System
architecture

The main purpose of the system architecture of a
tank gauging system is to route the tank information
from the tank farm to the users in a fast and reliable
manner.

Legacy tank gauging systems based on float and
servo gauges all use proprietary communication
networks. In the past, different manufacturers of
gauging systems used separate and incompatible
field bus networks, communication interfaces and
protocols. Users of these systems were stuck with

a single supplier of tank gauging equipment during
the entire life of the system. This in combination with
using mechanical gauges that required maintenance,
repair and supply of parts in many cases generated a
high cost of ownership.

Modern tank gauging systems use open architectures
and standardized communication protocols. A user
of these systems will not be locked into a single
source situation and will have many options when
selecting instruments.

There are now “bridge solutions” that allow legacy
systems to be modernized step by step. Gauge
emulation and wireless technology are two such
bridges.

__Field Bus
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HMI Cliept, HMI Client, HMI Client,
Engineering Management Operation

| 1 Control Cabinet

Modbus

_Mo@us _

Data
Concentrator

Tank Data, Level, Temperature, Pressure, Volume etc.

| = \ =T [ ]

Figure 9.1: Modern tank gauging system architecture.
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9.1 Tank wiring

The instruments on the tank need power and a link to
the control room. This is in most cases best realized
through a local intrinsically safe instrument field

bus. Using intrinsically safe wiring on the tank offers
safety benefits. It also saves installation cost as no
expensive cable conduits are required. The tank bus is
normally connected and powered through a tank side
communication/power unit. From here the longer
runs of the tank farm field bus are connected and so
is the local power supply. Wireless communication
can also be located from here.

Temperature
& Water
Level

Scalable Tankbus
System

Field

Display

Tank Hub
P1 AN
' Fieldbus
2 .

Power

Figure 9.2: Intrisically safe field bus providing power and communication
to the tank units.

9.2 Tank farm field buses

The process variables measured by the tank devices
must reach users of this information quickly and with
high integrity. The devices are spread over a large
area in the tank farm and field bus wiring can run long
distances. The wiring has to sustain challenges such
as attenuation and lightning damage. Existing wiring
is often in place and it should be possible to use this
wiring when installing a new tank gauging system
since new signal wires are expensive to install. If no
signal wiring exists or is in bad condition, wireless
communication can bridge these gaps.

9.3 Communication redundancy

Tank information availability is of utmost importance
for the operation of a busy tank farm. Lack of tank
information can quickly shut down tank farm oil
movements.

To establish high information availability, different
redundancy solutions can be applied. They include:

¢ Gauging redundancy by using more than one
gauge per tank

¢ Field bus redundancy by using multiple or
different communication layers for the field
buses

¢ Gateway redundancy with redundant wires
and wireless gateways

¢ Network switch and network redundancy

¢ Userinterface redundancy

Figure 9.3: Tank redundancy is accomplished with dual tank gauges and
separated communication layers - wired and wireless.

o
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Two alternatives for level
redundancy

Tank Tank
Hubs Hubs

Two Level Gauges  2-in-1 Level Gauge

Figure 9.4: Different layers of redundancy: Tank unit redundancy and field
communication unit redundancy combined with redundant data servers
and operator stations.

Tank Gauging servers are often placed in rack rooms
or control rooms. Customized cabinets house the
servers and the field gateways.

Figure 9.5: A tank gauging system cabinet.

9.4 Bridge solutions

Migration from an old legacy system to a new system
can be difficult to accomplish apart from replacing
the entire system in one single major project. Old
proprietary field buses often pose a major obstacle
for a gradual upgrade. However there are ways to
overcome this block and bypass the legacy systems:

9.4.1 Gauge emulation

An easy way to replace old tank gauges in existing
field bus infrastructures is by making new gauges
emulate the old ones by communicating via the old
field bus and use the same communication protocol
and the existing power supply. With this “gauge
emulation” an old gauge can be quickly replaced
with a new one based on different technology. There
are no changes of the field buses or control room
equipment required. Gauge emulation can also be
implemented in combination with wireless solutions.

9.4.2 Wireless communication

Wireless instrument communication is far from

new. However it is only recently that intelligent
self-configuring mesh networks have been applied
for telemetry. Mesh networks as described by the
standard IEC 62591 or WirelessHART® are very
suitable for use in tank gauging systems. They have

in recent years become an attractive solution to build
system architectures both for tank gauging and other
types of instrumentation. Wireless communication
can greatly reduce tank gauging installation cost.

One important characteristic of a self-configuring
mesh network is that a minimum of engineering
effort is needed to design the system. Following
simple guidelines covering node distances and

=

=

Remove the old
gauge

Disconnect the old
cabling

Mount the new
gauge and connect
the wiring

Mount the radar
antenna

Figure 9.6: With gauge emulation, a tank by tank upgrade is easy.

@
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locations of gateways, the system layout can be
designed within an hour. After power up, the network
establishes itself and will be ready for operation in a
few minutes. Due to multiple communication paths
the network is self-healing if any link is disabled. Data
encryption and frequency hopping enables high
levels of data security and communication reliability.
A tank gauging system that can communicate both
through wires and wirelessly has the potential of
enhancing data availability even further through
communication diversity and redundancy.

Figure 9.7: A self-organizing mesh field network can automatically find the
best way around any fixed or temporary obstacles.

Figure 9.8: Antenna connected to tank devices.

9.5 Software

Atank gauging system is not complete without a
versatile software package that brings all the tank
information together. The tank gauging computer
system conducts numerous tasks and many of these
must be done under certain specific standards and
regulations to cover bulk liquid storage operations.
The software should also provide aid for tasks
including batch control and storage planning.

Figure 9.9: Tank gauging software.

The software requires a comprehensive and user
friendly HMI built for tank farm operators. Reliability
and safety are key properties of the HMI since it plays
alarge part in the different layers of operational
safety. Navigation between the functions and the
tanks should be easy and fast.

Functional requirements of a tank gauging
information system can be summarized as follows:

Display of real time tank data

Operators need full control over the tank farm
operations at all times. Levels and level rates must be
displayed without any significant latency.

Volume and mass calculations

The tank gauging software must quickly and
accurately calculate tank inventory data. The volume
calculations should follow the relevant APl standards
and other standards/methods suitable for different
bulk liquids. The software must be able to handle
different types of volume tables (strapping tables)
with a large number of data points.

©
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Handling of laboratory product data

It is necessary to use liquid product data from lab
samples such as density and water content. The
software should have the capability to use such data
either via direct input from the lab systems or by
manual operator entry.

Figure 9.10: A tank information window of a tank operator station.
Reporting

Stored bulk liquids generally represent a substantial
value and the assessment of the stock needs to be
reported accurately and at the desired frequency.
The reports should be customized to the user
requirements and be presented at given points in
time. Example reports are: Inventory reports, Mass

balance reports, Shift Reports and Event Log Reports.

Reports can be stored, printed, e-mailed or sent to
other software through OPC or other network based
transmission methods.

Alarm handling

Tank gauging is the first layer of defense against
overfills. The HMI must be able to provide operator
alarms if any set level or other variables are reached.
Both fixed and adjustable points are required.
Alarms should be audible and visible, and able to be
distributed over the plant network, by e-mail and to
cellphones. Alarms and alarm acknowledgements
should also be logged, stored and reported.

Historical data

Operators should be able to access historical data
for reliable follow up and review of past events.
Presentation of data should be in numerical and
graphical modes.

Embedding and integration

Direct and derived tank data are distributed through
embedding and linking to other office and enterprise
software.

User Management

Tank gauging management software requires proper
handling of user management. User login and logout,
user access rights and logging of such events and
alarm acknowledgements should be provided for
safety reasons.

Figure 9.11: Tablets can be used to check tank gauging data.
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Connectivity to other systems

Besides data distribution within the tank gauging
server and its clients, the tank data should also be
easily distributed to other high level systems. Data
distribution through an embedded web server will
enable data distribution to clients within and outside
the plant network.

Another important communication capability is
connection to legacy tank gauging systems. In a
large plant such as a refinery there may be groups of
tank gauges of different makes. The tank gauging
software should have the capability to communicate
and control such systems and make it a source of
tank gauging information for the entire tank farm.

Configuration and trouble shooting

The tank gauging software is often the tool for
configuration, installation and trouble-shooting of
the entire tank gauging system. It should be made
such that every system can be configured at the site
by local engineers or operators. Trouble shooting is
ideally carried out in the control room to minimize
tank climbing. A good tank gauging software with
automatic “wizard based” configuration and service
tools makes this possible.



Overfill prevention

Topic Page
10.1  What’s at stake 64
10.1.1  Probability 64
10.1.2 Consequence 64
10.2  Benefits 65
10.3  Industry standards 65
10.3.1  API 2350 66
10.3.2 IEC61511 66
10.4  Modern overfill prevention 67
10.4.1  Key elements 67
10.4.2  Traditional approach 67
10.4.3 Modern approach 68
10.4.4  2-in-1 tank gauging technology 69
10.4.5 Proof-testing 70




10 - Overfill prevention

10. Overfill
prevention

Tank overfills have for a long time been one of the
leading causes of serious safety incidents at bulk
liquid storage facilities, but overfills do not occur

randomly. They are predictable and therefore
preventable. This chapter summarizes current

knowledge and expertise on tank overfill prevention
and how modern equipment can be used to reach
closer to the goal of zero tank overfills. Additional in-
depth reading can be found in “The Engineer’s Guide

to Overfill Prevention” (ISBN 9789198277906).

10.1 What’s at stake?

Risk consists of two components: probability and

consequence. Both of these components are

unusually large for tank overfills compared to other

potential risks at a tank farm.

10.1.1 Probability

Historical industry data indicates that statistically
one overfill occurs every 3,300 fillings, according
to an independent insurance company (Marsh and

McLennan Companies, 2011).

10.1.2 Consequence

This section provides information about example
consequences that can occur from a tank overfill

using specific case examples.

/

Spill clean-up

Western Massachusetts, United States, 2005

Figure 10.2: Spill clean-up in Western Massachusetts.

a bulk liquid storage tank was filled through a
pipeline. The operator thought that he would
have time to go to the bar across the street for
a quick beer. Suddenly the bartender points
out that diesel is shooting out from a tank
vent. 23 000 gallons of diesel were released to
the secondary containment which consisted
of soil bottom and steel sides. 14 000 gallons
of the released product were recovered using
vacuum trucks and 9 000 gallons were lost

to the subsurface which contaminated the
groundwater. Light non-aqueous phase liquid

300 000 gallons of liquids were extracted and

tank. Total cost exceeded $350 000.

-

Small facility with a single operator present while

was found in 14 wells during 2 weeks. More than

reinjected to recover the soil in the vicinity of the

J

/

\ Figure 10.1: Property damage after the accident at Buncefield.

Injuries, property damages and corporate fines
Buncefield fuel depot, United Kingdom, 2005

Afloating-roof tank overfilled at a tank terminal which

resulted in the release of large quantities of gasoline near
London. A vapor cloud formed which ignited and caused

amassive explosion and a fire that lasted five days. The

primary root cause was that the electromechanical servo

level gauge failed intermittently and the mechanical
level switch used in the independent overfill prevention
system was inoperable.

~

J
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4 )

Bankruptcy

Puerto Rico, United States, 2009

Figture 10.3: Puerto Rico accident in 2009.

During the off-loading of gasoline from a tanker
ship to the tank farm, a five million gallon above
ground storage tank overfilled into a secondary
containment dike, resulting in the formation of a
large vapor cloud which ignited after reaching an
ignition source in the wastewater treatment area
of the facility. In addition to causing an extensive
vapor cloud fire, the blast created a pressure
wave registering 2.9 on the Richter scale. For
more than two days, dark clouds of particulates
and smoke polluted the air, and petroleum
products leaked into the soil and navigable

waterways in the surrounding area.

. J

10.2 Benefits
Investment in modern overfill prevention is good
business because not only does it reduce the
statistically high risk of a tank overfill but it also has
an immediate positive financial impact. By better
knowing what’s in the tank, both efficiency and tank
utilization can be increased.
Why invest in modern overfill prevention?

¢ Protect life and health

¢ Protect environment

¢ Protect plant assets

¢ Comply with regulations
¢ Improve public relations
¢ Corporate social responsibility
¢ Increase plant efficiency

¢ Minimize financial and legal risks

4 )

Example 10.1: tank terminal capacity
expansion (fictional)

A tank terminal, which currently has 10 tanks,
needs to expand its capacity. Currently, the
normal fill level is 80%. A pre-study determined
that by investing $15 000 per tank in better
overfill prevention, the normal fill level can be
increased to 90%. For all tanks, the cost equates
to $150 000 and the addition of 10 percentage
points per tank corresponds for the 10 tanks to
an additional space of one tank. As a comparison,
the alternative equivalent cost of building a new
tank was estimated to exceed $1 m.

SH000I000 ) Investing in better
overfill prevention
. Building new tank

$150000 -

Figure 10.4: Comparison of two investment options that both

correspond to an increase in volume equivalent to one tank.

. J

10.3 Industry standards

There have been significant advancements in

the understanding of tank overfill root-causes in
recent years due to the increased availability of
information. Modern overfill prevention is based
on the understanding that a multitude of elements
contribute to minimizing the risk of a tank overfill.
This has been the basis for the two globally

®
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recognized industry standards for modern overfill
prevention: IEC61511 and API 2350.

IEC61511 and API 2350 have different scopes. API
2350 is an application specific standard specifically
for bulk liquid storage, whereas IEC 61511 is targeted
towards the design of electronic safeguards in both
the process and bulk liquid storage industries.

10.3.1 API2350

API 2350 concerns “Overfill Protection for Storage
Tanks in Petroleum Facilities” and provides a
holistic perspective on modern overfill prevention.
It addresses both “soft” factors such as procedures
and documentation as well as “hard” factors such as
equipment and location of alarm points.

The standard requires modern facilities (denoted
as “Category 3”) to be equipped with an Automatic
Tank Gauging (ATG) system and an independent
Overfill Prevention System (OPS). APl 2350 accepts
both Manual Overfill Prevention Systems (MOPS),
where human intervention is required to prevent
overfill, as depicted in figure 10.5 and Automatic
Overfill Prevention Systems (AOPS) as depicted in
figure 10.6, although the latter is preferred. In the
case of an AOPS, the practical requirement is that it
should be designed according to IEC 61511.

Manual Overfill
Prevention System (MOPS)

Basic Process Control
System (BPCS)

— bl

Bl

[ =N

A
— T

~_

Figure 10.5: MOPS usually consists of a level transmitter (LT) connected
to an audiovisual alarm that notifies an operator to take the appropriate
action, e.g. closing a valve.

10.3.2 IEC61511

IEC61511: “Functional safety — Safety instrumented
systems for the process industry sector” is a standard
for Safety Instrumented Functions (SIF; sensor, logic,
actuator) such as automatic overfill prevention
systems (AOPS). The reliability of a SIF is quantified
in “Safety Integrity Level” (SIL) 0 — 4, which each
corresponds to an interval of its capability to reduce
risk, as listed in table 10.1.

Safety Integrity Level Minimum Risk
(SIL) Reduction Factor (RRF)

SIL3 1000
SIL2 100
SIL1 10

Table 10.1: Overview Safety Integrity Levels (SILs) and corresponding risk
reduction factors (RRFs)

The standard does not prescribe the usage of a
specific SIL; The required risk reduction shall be
determined based on arisk assessment for the
specific application.

Basic Process Control
System (BPCS)

Automatic Overfill
Prevention System (AOPS)

F—_———

A

~_ |

Figure 10.6: AOPS usually consists of a level transmitter (LT), logic and
actuator which automatically closes a valve to prevent overfills from
occurring. The logic may also execute non-safety critical tasks such as
shutting down a pump and notifying operators through audiovisual alerts.

©
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10.4 Modern overfill prevention
Modern overfill prevention is based on a holistic
perspective with an understanding of the fact that

a multitude of elements contribute to minimizing
the risk of a tank overfill, and not just the equipment
denoted as the ‘overfill prevention system’.

10.4.1 Key elements

Key elements of modern overfill prevention include:

¢ Conducting a Risk Assessment

¢ Following procedures documented in an
Overfill Management System

e Education
e Use of appropriate equipment
* Non-adjustable alarm points

¢ Appropriate commissioning procedures such
as Site Acceptance Testing (SAT)

¢ Periodic maintenance and proof-testing

¢ Management of change

Mitigation

Prevention

Emergency response layer

Passive protection layer

The accepted view-point is that best practice is to
use a number of independent protection layers to
prevent an accident from occurring, i.e. “to not put
all eggs in the same basket”. In the case of overfill
prevention, the typically used protection layers are
depicted in figure 10.7.

One of the most overlooked elements of overfill
prevention is probably the Automatic Tank Gauging
(ATG) system. This is the primary independent
protection layer that continuously prevents tank
overfills from occurring. When the ATG system
functions correctly, the other protection layers will
not be activated. Therefore it may be argued that
this is the most important protection layer and

as a consequence it needs to receive appropriate
attention. For example an ATG system relying on an
unreliable mechanical level transmitter is not just an
operational inconvenience but also a major safety
concern.

10.4.2 Traditional approach

In the past, an overfill prevention system was usually
based on point-level solutions. This equipment was
often put in place to fulfillincomplete prescriptive
regulatory requirements and was treated
accordingly. Capital expenditure was minimized and
maintenance and verification were not prioritized.

Fire brigade

Secondary containment
(e.g. dike)

Overfill prevention system

Safety layer

Automatic Tank Gauging
(ATG) system

Figure 10.7: Commonly used independent protection layers to minimize the risk of tank overfills.
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Manual Overfill Prevention System (MOPS)

Discrete
Signal

High-High Alarm
[

]

1 Inventory

: Management Software
]
1

Connection to
Inventory Software
(optional)

Automatic Tank Gauging (ATG)

Transmitter
with Multiple

Point Temp Radar Level

Graphical Field
o Display

)ﬁ Tank Hub

=
System Hub

Includes Visual & Audible Level Alert High
and Level Alarm High-High (optional)

Figure 10.8: The traditional (obsolete) approach to overfill prevention - manual systems based on point-level measurement.

10.4.3 Modern approach

¢ Continuous level measurement allows for

adjustment of alarms and alerts.

The industry has rapidly moved towards a modern

approach which is based on an automatic overfill
prevention system (AOPS) with continuous level
measurement. The advantages are both financial and

risk reduction:

In practice, identical level sensors are often used
for both OPS and ATG as shown in figure 10.9. This
approach is usually selected because:

Humans are inherently unreliable. The risk
of an overfill can be reduced by using an
automatic system.

Itis difficult to know whether a point-level
sensor functions correctly and it therefore
requires frequent proof testing.

A deviation alarm between the OPS and ATG
level sensor can be used to verify the integrity
of both systems.

Assingle continuous level sensor can be used
for multiple alarms and alerts such as High-
High, High, Low, Low-Low. It is not unusual

that a single continuous level sensor replaces 4

separate point-level sensors.

The OPS level sensor can act as backup in case
the ATG fails and thereby minimizes down-
time.

It reduces the need for device specific
configuration tools and education

Inventory of spare-parts is minimized.

Contrary to a common perception, neither
API12350 nor IEC 61511 requires the use of
different technologies for OPS and ATG level
sensors (technology diversification).

Why select anything but the best also for the OPS
level sensor?

©
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Automatic Overfill Prevention System (AOPS)

Radar Level

4 Independent
Alarm Panel

High-High Alarm

, Process
Safety
System

SIL-PAC
(DVC +
Actuator)

Connection to
Inventory Software
(optional)

Automatic Tank Gauging (ATG)

Inventory
Management Software

Transmitter

with Multiple
Point Temp
Sensor

Radar Level
Gauge

Graphical Field
Display

&

Wireless
Adapter

)
é—@ Tank Hub

= °
r o Wireless Gateway

System Hub

Includes Visual and Audible Level Alert High
and Level Alarm High-High (optional)

Figure 10.9: Example of a modern approach incorporating an automatic overfill prevention system based on continuous radar level measurement.

10.4.4 2-in-1 tank gauging technology

Mechanical installation of an independent OPS

level sensor is sometimes prohibitive due to cost,
especially when requiring an additional measurement
pipe in a floating roof tank. Therefore the most
recent advancement in level sensor technology is a
2-in-1 radar level measurement as depicted in figure
10.10.

Figure 10.10: 2-in-1 radar level gauge.

2-in-1 radar level gauges can be used simultaneously
for Automatic Tank Gauging (ATG) and independent
OPS level measurement as shown in figure 10.11.

Automatic Tank
Gauging (ATG)

Automatic Overfill Prevention
System (AOPS)

| Independent

Figure 10.11: System overview for 2-in-1 radar level measurement.
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The usage of 2-in-1 radar level gauges is based on the
foundation that the antenna has a very low failure
rate in comparison with the electronics. The antenna
is a non-moving mechanical part with approximately
the same Mean Time Between Failures (MTBF) as

the tank itself. Therefore it has been verified by
independent accredited third parties to be compliant
with both IEC61511 and API 2350.

10.4.5 Proof-testing

The purpose of proof-testing is to detect random
hardware failures to verify that commissioned
equipment already in operation functions correctly.
It is a critical procedure to maintain the integrity of
the OPS-system and it should therefore be executed
periodically. API 2350 prescribes every 6 months for
point-level and every 12 months for continuous level
unless a device specific calculation is performed.

The traditional approach is a ‘bucket-test’ as depicted
in figure 10.12. This method requires a visit to the
tank and access to the level sensor while the tank is
temporarily taken out of operation. The procedure
may be a direct safety concern to the personnel
executing the test since it both exposes the tank to
the atmosphere and the bucket contents may be
hazardous.

.

I

Figure 10.12: Traditional approach to proof testing - bucket testing.

With modern continuous level measurement sensors,
the proof test can be executed remotely from the
control room in a few minutes. Additionally, reports
can be generated automatically and the proof test
interval can often be extended. This reduces labor
and the tank’s down-time, but more importantly, it
reduces the overall risk.
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Appendix: Typical tank gauging

configurations
A.1  Tanktypes
Fixed roof tank
Smart Wireless
THUM adapter
Rosemount 2410
Rosemount 5900S Tank Hub
Rosemount 5900C Radar Level Gauge
Rosemount 2410 Radar Level Gauge Rosemount 2240S
TankHub ‘ Temperature
Transmitter
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Floating roof tank

Rosemount 2410
Tank Hub

Rosemount 59005
Radar Level Gauge

Rosemount 2240S
Temperature
Transmitter

In still-pipe:

Rosemount 565

Multiple Spot Temperature
Sensor or

Rosemount 765

Multiple Spot Temperature
and Water Level Sensor

Rosemount 3051S Rosemount 2230
Pressure Transmitter Graphical Field Display
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Pressurized spherical tank

Rosemount 59005
Radar Level Gauge
and Rosemount 2051
Pressure Transmitter

Rosemount 2230
Graphical Field Display

Rosemount 2410 Rosemount 3051S
Tank Hub Pressure Transmitter
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Pressurized horizontal tank

Rosemount 5900C
Radar Level Gauge

Rosemount 5300
Level Transmitter
Guided Wave Radar
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A.2 Wireless

-

Wireless

3 Gateway
Temporary = o

obstacle TankMaster

Inventory software

Permanent
obstacle

-

Smart Wireless
THUM™ adapter |5

Rosemount 59005

Radar level gauge
Rosemount 2240S
Temperature
transmittr -

i5==="

Rosemount 2410
Tank hub

Rosemount 3051S
Pressure
transmitter

All wireless devices communicate with the host system through the Smart Wireless Gateway. A Rosemount
Tank Gauging System can consist of both wired and wireless networks.



Appendix: Typical tank gauging configurations

Wireless system architecture

Rosemount 5900S Smart Wireless ~ Rosemount 2410
Radar Level Gauge THUM™ Adapter Tank Hub

Rosemount 22405 Smart E
Temperature and Free Water Wireless @
Level Transmitter Gateway 1"?
4
Rosemount 2460 s

Rosemount 2160 System Hub

Wireless Switch

LAN

—

i Rosemount 3051S
Rosemount 565/566 Multiple Spot Wireless Pressure
Temperature Sensor or Rosemount 765 Transmitter Host/DCS
Multiple Spot Temperature and Free
Water Level Sensor

TankMaster Inventory
Management Software

A Smart Wireless tank gauging solution designed specifically for every customers’ bulk liquid storage plant
maximizes safety and operational performance.
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A.3 Emulation

Gauge emulation

Existing host system from
other vendor

Float/servo gaugesin an
existing system from other
vendor

Rosemount 2410
Tank Hub

. Rosemount
59008 Level

Rosemount 5300

or 5400 Level

, Transmitter

S

A Rosemount device can seamlessly replace a gauge from other vendor, independent of measurement
technology. Data from the tank is displayed as before on the existing inventory management system.
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Tank management system replacement

g TankMaster PC

- Rosemount 2460
. [g System Hub

Rosemount2410 '~ -~~~ ,

Tank Hub

Float/servo gauges from
other vendor in an existing
system

Rosemount 59005
Level Gauge

Replacing old tank monitoring software with TankMaster.
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Bridge solutions

Inventory from
other vendor

Gauges from
other vendor

Eey

===
iy

 —— =

Adding a wireless network can bridge the gaps of the legacy bus system. By doing this, the user can get an
additional communication channel for gauging, configuration and diagnostics.

o)
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Gateway

Host/DCS TankMaster

Wireless

Emergency
shut-down
system
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A.4 Redundancy

TankMaster
Client PCs

TankMaster
Servers

2180 Field Bus Modems — N —

Temperature x 2

Tank
Hubs &

L > > g

Two Rosemount Rosemount 59008, 2-in-1
59005/5300/5400 Level Gauges
Level Gauges

Pressure x 2

A fully redundant tank gauging system with four levels of redundancy: Tank unit redundancy and field
communication unit redundancy combined with redundant data servers and redundant operator stations.
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A.5 Overfill Prevention

Automatic Overfill Prevention System (AOPS) | Automatic Tank Gauging (ATG)

1
Independent
Alarm Panel Rosgmount 22408
Multi-Spot Temperature
Rosemount 5900S Rosemount 5900S
Radar Level Gauge 1 Radar Level Gauge
THUM
1
1 Rosemount 2230
Graphical Field
DeltaV 1 Dis;l)jla
sis o Y
1 S
~
X~
1 N
~
~
Rosemount 2410 1 <
Tank Hub =
~
: 1 & Rosemount 2460
| 1 < System Hub
1 ~
! N4
! 1 N
‘e <
Ss 1 N
~ X~
Output to SIS Valve Connectionto ~~ N Smart Wireless N
and Actuator TankMaster Se 1 G
X ~ ateway
(optional) N
AN Rosemount 2410
Tank Hub

TankMaster
Inventory Software

Includes Visual and Audible Level Alert High
and Level Alarm High-High (optional)

Example of a modern approach to overfill prevention, incorporating an automatic overfill prevention system
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EXECUTIVE SUMMARY

This guideline presents recommendations on best industry practice for measuring flare and vent
volumes. Both continuous and intermittent systems are addressed. Improving the reliability,
completeness and accuracy of flare and vent data is expected to promote flare reduction activities
and investments. Furthermore, data improvements at the country level will support efforts of the
Global Gas Flare Reduction (GGFR) Partnership to enhance the quality of data on flare and vent
volumes at the global level.

Accurate measuring of flare and vent volumes is vital for effective, consistent and fair
enforcement of flaring regulations. Reliable data also informs operators of the potential
economic losses for the resource wastage.

Background

Flare and vent systems are widely used in the oil and natural gas industry to dispose of waste
volumes of hydrocarbon gases and vapours. Continuous applications most commonly occur at oil
production facilities where associated gas production in excess of onsite energy needs is
uneconomical to conserve (e.g., because there is a lack of economic access to a local market or
gas gathering system), and there is insufficient economic benefit to re-injecting the gas to
maintain reservoir pressures. At natural gas facilities, continuous flaring or venting may be
associated with the disposal of waste streams (e.g., acid gas from the gas sweetening process and
still-column overheads from glycol dehydrators) and gaseous by-product streams that are
uneconomical to conserve (e.g., instrument vent gas and sometimes stabilizer overheads and
process flash gas).

Intermittent venting and flaring is associated with a wide range of activities including well
testing and servicing, manual or instrumented depressurization events, compressor engine starts,
equipment maintenance and inspection, pipeline tie-ins, pigging, sampling activities, and
removal of hydrates from pipelines.

Current global flaring and venting of associated gas is estimated by the GGFR Partnership at 150
to 170 billion cubic meters per year. This is a significant waste of a valuable non-renewable
energy resource and harms the environment through greenhouse gas (GHG) and other emissions.
Flaring and venting measurement has been identified as an important cross-cutting issue where
the GGFR could make a meaningful contribution to the global flaring reduction agenda by
collecting and disseminating a best practice.

Until recently, associated gas has been often considered as a by-product to be disposed of for
lack of commercial opportunities for its use or for safety considerations. As a result, neither
industry nor supervising or regulatory bodies elevated the issue of flare/vent measurement to the
level comparable to the industry practice in measurement of non-associated gas or oil. This in
turn led to missed opportunities in associated gas utilization since ‘what gets measured, gets
managed’ and vice versa.



Target Audience
There are three audiences that will directly benefit from the presented guidelines:

= Qil companies: by applying the guidelines they will improve the quality of data on their
flare/vent volumes and thus, will be better equipped to properly evaluate gas utilization
options. This, in turn, will increase opportunities to monetize associated gas.

= Regulators and energy/environmental bodies: reliable data on flare/vent volumes is
crucial while monitoring flaring/venting and applying flaring/environmental regulations.
Given that continuous metering of flared/vented volumes is not always feasible and/or
justified, the guidelines should also assist regulators in designing sensible flare
measurement requirements.

= Developers of carbon credit projects: data accuracy, reliability, and transparency are
necessary prerequisites for carbon finance investments and transactions.

Overview of the Guidelines

The presented guidelines cover measurement options for both continuous and intermittent
flares/vents. A listing of the main measurement options and a qualitative rating of these against a
range of important selection criteria is provided in Table I. The best choice will depend on the
specific circumstances and application requirements. For existing flares it may be appropriate to
first perform a manual measurement or estimation of the flow rate to assess the need for, and
requirements of, a permanent flow measurement system. For new applications, this approach
may prove more expensive as installing equipment at a later stage is normally costly.

In most cases involving solution gas venting or flaring the gas will be wet and potentially dirty.
At facilities where gas processing is being performed or the produced gas is being supplied by a
variety of sources having differing compositions, the measurement technology will either need to
be composition independent or easily corrected for variations in the gas composition. In the latter
case, regular gas analyses may need to be performed. The cost of installing a flow meter, the
ability to do so without requiring a facility shutdown and the ongoing calibration requirements
will also be important considerations. Historically, the cost of running electric power and
communications wiring to an instrument was a major consideration; however, the use of solar
panels and wireless connections to data acquisition systems may now be considered in these
situations. Measurement technologies that do not require electric power and only provide local
readout are also an option.

Ultrasonic flow meters are the preferred choice in most permanent vent or flare applications
involving wet and dirty gas, provided the liquid content does not exceed about 0.5 percent by
volume. Ultrasonic flow meters offer excellent rangeability, good accuracy, do not require
frequent calibration, are not composition dependent and do not pose a significant flow
restriction. If greater amounts of liquids are anticipated then a liquids knockout system should be
installed immediately upstream of the flow meter. Orifice and venturi meters may be considered
instead of ultrasonic flow meters in applications involving stable wet or dirty flows. They are



more tolerant of the presence of dirt and/or liquids, but have much less rangeability and need
frequent calibration especially if the gas composition is variable.

In applications where spot checks are proposed, the preferred choice is to employ a mobile (or
portable) flow measurement system similar to a permanent solution that can be easily and safely
connected to, and disconnected from, the vent or flare system. Alternatively, adequate ports
should be provided on the flare or vent system to allow periodic tracer tests or flow
measurements using a velocity probe. Methodologies for performing both types of flow tests are
presented and relevant safety considerations are noted. A micro-tip vane anemometer is a
reasonable choice for performing velocity traverses but must be kept clean. A thermal
anemometer or a Thermal Mass Flowmeter offers much greater rangeability but it is not suitable
for use in wet streams, it is highly composition dependent and convenient corrections for these
dependencies generally are not available.

Three different methods for estimating flow rates are provided, namely: use of gas-to-oil ratios
(GORs), mass balances and process simulations. The limitations and potential accuracies of these
methods, as well as recommendations for their use, are provided. These estimation methods are
perhaps the most common ways currently utilized by the oil industry to assess flare/vent volumes
in the absence of continuous metering. Where conditions are relatively stable or well behaved,
the required input activity data and factors are accurately known, and high accuracy is not
required, these estimation methods can offer an acceptable alternative to continuous flow
measurements. Still, it is the user’s responsibility to be able to demonstrate the actual accuracy
and repeatability of the results and comply with any relevant local production accounting
requirements. In the absence of any such requirements, it is recommended that GOR values be
developed based on at least 24-hour tests and that these results be updated annually for stable or
well behaved wells that are able to meet the desired accuracy and repeatability targets (e.g., with
+15 percent or better). Otherwise, the GOR values should be updated at such greater frequencies
as may be required to achieve these targets. GOR values should also be re-evaluated whenever
noteworthy changes in production or pumping rates occur (e.g., greater than +25 percent of
value) since this may impact the stability and magnitude of the well’s GOR.



Table I. Listing and qualitative rating of options for measuring flare and vent gas volumes.

Flow Meter Tolerant | Calibration | Composition Flow Rangeability | Accuracy | Straight Pipe | Shutdown | Installed | Electric

Category Type of Wet or | Frequency | Dependent* | Capacity Requirements | Required Costs Power
Dirty Gas To Install Required

Inline Venturi Tube High High Yes High Low High High Yes High No

Orifice Plate High High Yes High Low High High Yes High No

Bellows (or

Diaphragm) None Low No Low Moderate Very High | None Yes Moderate | No

Turbine None Low No Moderate | Moderate Very High | Moderate Yes High No

Vortex Shedding Moderate Low No Moderate | Moderate High High Yes High Yes

Ultrasonic Flow Meter | Moderate Low No High High High High Yes High Yes

Optical Moderate Low No High High High High Yes High Yes
Insertion | Thermal Anemometer | None Low Yes High High Moderate Moderate No Low Yes

Low to

Rotameter Low Low Yes Low Low Moderate None No Low No

Micro-tip Vane

Anemometers Low Moderate No Moderate | Low Moderate Moderate No Low Yes

Pitot Tube Low Low Yes High Very Low Moderate Moderate No Low No

Optical Moderate Low No High High High High No High Yes

* Applies only to measurement of volume flow rates. To measure mass flow rates, gas density data is required for all meters other than
the Thermal Anemometer which responds to mass flow directly.
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1 INTRODUCTION

This document provides guidance on quantifying flare and vent rates at oil and natural gas
facilities. While the focus is primarily on continuous vent and flare systems, guidance is also
provided for intermittent systems.

Section 2 presents related information of interest, including a description of the target sources of
venting and flaring, information on relevant studies delineating alternatives to venting and
flaring, design and operating practices and international regulations.

Section 3 presents key constraints and considerations to be addressed when selecting a
continuous flow measurement system for both new and existing flare and vent systems.
Recommendations on record keeping and flow verification are also provided.

Section 4 provides a review of measurement techniques that may be used to perform periodic
flow tests on vent and flare systems.

Section 5 provides a review of selected estimation techniques which are sometimes used to
estimate vent and flare rates.

Appendix | provides a comparison of the main gas flow measurement technologies currently
available, and potentially applicable to vent and flare applications.



2 BACKGROUND

Flare and vent systems exist in essentially all segments of the oil and gas industry and are used
for two basic types of waste gas disposal: intermittent and continuous. Intermittent applications
may include the disposal of waste volumes from emergency pressure relief episodes, operator
initiated or instrumented depressurization events (e.g., depressurization of process equipment for
inspection or maintenance purposes, or depressurization of sections of piping for tie-ins or
repairs), plant or system upsets, well servicing and testing, pigging events, and routine
blowdown of instruments, drip pots and scrubbers. Continuous applications may include disposal
of associated gas, treater off-gas and tank vapors at oil production facilities where gas
conservation is uneconomical or until such economics can be evaluated, casing gas at heavy oil
wells, process waste or byproduct streams that either have little or no value or are uneconomical
to recover (e.g., vent gas from glycol dehydrators, acid gas from gas sweetening units, and
sometimes overheads from stabilizers and flash drums), and vent gas from gas-operated devices
where natural gas is used as the supply medium (e.g., instrument control loops, chemical
injection pumps, samplers, compressor start systems, etc.). Typically, waste gas volumes are
flared if they pose an odor, health or safety concern, and otherwise are vented.

2.1 Alternatives to Venting and Flaring

It is preferable to utilize or conserve waste gas streams rather than to simply vent or flare them
without benefit. Where utilization or conservation is not practicable, flaring is environmentally
preferable to venting since this tends to reduce GHG, VOC and air toxic emissions.

Specific opportunities to utilize or conserve vent and flare gas include, but are not limited to, the
following:

Electric power generation for consumption onsite or within an industrial system.
Cogeneration of steam and electricity for local applications.

Re-injection of gas into the producing reservoir.

Injection of gas into an aquifer

Collection and delivery to a nearby gas-gathering system.

Pooling of gas resources or clustering gas from several batteries into a single location to
achieve volumes sufficient to justify conservation or utilization schemes.

2.2 Design and Operating Practices

Table 1 summarizes the key standards and practices that presently exist for the design and
operation of vent and flare systems.



Table 1. Summary of standards and industry practices for the design and operation of vent and flare

systems.
Type Document Title Author/Sponsoring | Description
Agency
Design Standard 521/1SO 23251: Guide | API This Standard applies to pressure-relieving and vapor depressuring systems
for Pressure-relieving and intended for use primarily in oil refineries, although it is also applicable to
Depressuring Systems petrochemical facilities, gas plants, liquefied natural gas (LNG) facilities, and oil
and gas production facilities. The Standard specifies requirements and gives
guidelines for examining the principal causes of overpressure; determining
individual relieving rates; and selecting and designing disposal systems, including
such component parts as piping, vessels, flares, and vent stacks. The information
provided is designed to aid in the selection of the system that is most appropriate
for the risks and circumstances involved in various installations.
Design Standard 537: Flare Details for API This Standard is applicable to flares used in pressure relieving and vapor-
General Refinery and depressuring systems used in general refinery and petrochemical services. The
Petrochemical Service information provided is intended to aid in the design and selection of a flare system
that is most appropriate for the risks and circumstances. Although this standard is
primarily intended for new flares and facilities, it may be used as a guideline in the
evaluation of existing facilities together with appropriate cost and risk assessment
considerations. It is intended to supplement the practices set forth in APl Std 521,
Guide for Pressure Relieving and Depressuring Systems. It describes the
mechanical design, operation and maintenance of three types of flares: Elevated
Flares, Multi-burner Staged Flares, and Enclosed Flares.
Design & Manual of Petroleum APL This Standard is specific to measurement of flows to flares and addesses:
operating Measurement Standards Chapter e  Application considerations

14 — Natural Gas Fluids
Measurement

Section 10 — Measurement of
Flow to Flares

July, 2007

Selection criteria
Installation considerations
Limitations of technologies
Calibration

Operation

. Uncertainty and errors

Interpretation

HM 58 Guidelines for

Energy Institute,

This document addresses the application of flare measurement systems to ensure

Determination of Flare London, UK they conform to the requirements of the EU Emissions Trading Scheme for carbon
Quantities from Upstream Qil emissions. It addresses operational considerations, methodologies to determine
and Gas Facilities flare quantities, metering technologies, flare gas composition, installation issues,
May, 2008 uncertainty in measurements and calibration requirements.
Operating Best Management Practices for CAPP This Best Management Practice (BMP) document provides design and operating
Facility Flare Reduction staff with a recommended approach to identify routine and non-routine flare
sources and quantities, and assesses the opportunity for reduction of flare volumes
and frequency at their operated facilities. The guidance provided in this BMP can
also apply to routine and non-routine venting.
Operating Best Management Practice for CAPP This BMP promotes more efficient use of the fuel gas consumed in flaring
Reducing Fuel Consumption in operations in the upstream oil and gas sector by:
Flaring Operations (Draft) This BMP:
. Outlining the basic improvement strategy for reducing fuel
consumption in flaring.
. Identifying sources of fuel consumption in flaring operation.
. Discussing metering for waste gas and fuel consumption to support the
identification and evaluation of reduction opportunities.
. Identifying and discusses various reduction opportunities that are
available.
. Outlining suggestions for recordkeeping to support a reduction
program.
Operating Guide for Estimation of Flaring CAPP This document assists oil and gas production companies in quantifying volumes of

and Venting VVolumes

natural gas vented and flared at typical upstream petroleum facilities as required by
EUB Guide 60. Methodologies are presented in the order of increasing
sophistication and accuracy, though it is up to the Operator to pick the most
appropriate approach given the magnitude of the volume being estimated.
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2.3 International Requlatory Overview

A global overview of regulatory practices on gas flaring and venting, including relevant lessons
and conclusions from international experience on how best to reduce flare and venting volumes,
is presented in a report by the World Bank (2004). Norway, the United Kingdom (BERR
Guidance Notes) and Alberta (ERCB Directive 60) are identified as having the most
comprehensive regulations regarding flaring and venting.

The “best practice” regulatory regimes require that the amount of flared gas is continuously
metered, although in some countries this is only required when the quantity of gas flared exceeds
a certain threshold. All flare and vented gas must be metered in Norway, whereas the threshold
for metering is 50 tons/day (70 000 m*/d) in the UK and 800 m*/day in Alberta.

Although aimed at the full range of production accounting metering applications, the following
references are examples of existing measurement guidelines for oil and gas operators:

e ERCB Directive 17 — Measurement Requirements for Upstream Oil and Gas Operators.
e DTI (2003) — Guidance Notes for Petroleum Measurement.
e ERCB Directive 046 — Production Audit Handbook.
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3 CONTINUOUS FLOW MEASUREMENT SYSTEMS

Flare and vent gas flow measurement is a challenging application. Most practical vent and flare
gas applications at upstream oil and gas facilities require that the selected technology be tolerant
of wet or dirty gas streams, easy to install without a shutdown at existing facilities, and that any
composition dependencies be manageable. This greatly reduces the available options; although,
some ideal or less demanding situations may still occur (e.g., measuring instrument vent gas and
purge, pilot and flare enriching gas flows).

Historically, the main types of flow meter technologies used included differential-pressure,
vortex-shedding, and insertion thermal anemometers. Their effectiveness; however, has been
somewhat limited because of one or more of the following factors: limited rangeability, inability
to follow unsteady flows, corrosion, intolerance of liquid carryover, and sensitivity to changes in
gas composition. Ultrasonic technology, because of its superior performance in these aspects, has
been the preferred choice in most new applications.

In advance of installing a meter, it is often useful to undertake a cost-benefit analysis before
selecting a meter. This entails estimating the measurement accuracy that can be achieved with a
variety of different meters and comparing these estimates with the required accuracy for
reporting. In estimating the measurement accuracy of a meter it is necessary to evaluate the
overall measuring system: i.e. the accuracy of the meter over the range of flow rates expected,
the effect of the pipework, the accuracy of secondary data such as gas density and temperature
etc. The cost-benefit analysis can then be used to assist in selection of a fit-for-purpose meter. In
some cases, where high accuracy is not required, estimating rather than measuring the flowrate
may be the most appropriate method to adopt.

3.1 Constraints and Considerations

The following sections delineate specific technical factors to consider in selecting a measurement
technology for use on vent and flare systems.

3.1.1 Operating Range

In continuous or steady flow applications the meter should be sized to accommodate the
anticipated range of flows. In intermittent flow applications (i.e., emergency relief and
blowdown systems) there are two potential flow contributions: the transient flow during a
venting or flaring event and the residual flow rate that may occur the rest of the time (i.e., due to
any purge gas consumption and leakage into the vent or flare header). Ideally, a single flow
meter may be selected which can accommodate the full range of these two flows; otherwise,
separate methods or technologies should be considered for monitoring the two contributions. The
minimum provisions for monitoring residual flows should comprise a flow switch or indicator
which provides visual or other indication when excessive residual flow is occurring, and a
suitable access port for manual measurement of the flow if further quantification is warranted.



3.1.2 Accuracy

The minimum required accuracy of the instrument will depend on the final use of the
measurement data and applicable regulatory requirements. If the flow meter is used purely for a
control function (e.g., to control the operation of a smokeless flare) what is important is the
repeatability of the readings rather than their accuracy. For simple economic evaluations
accuracies of within +25 percent are often adequate. For day-to-day process monitoring and
environmental reporting, accuracies within at least +15 percent should be targeted. Some
jurisdictions require accuracies within as low as 5 percent for vent and flare meters. For
example, in Texas, the Texas Commission of Environmental Quality (TCEQ,
www.tceq.state.tx.us) Chapter 115 Regulation requires flare gas flow meters to be accurate to
within +5 percent at 30, 60, and 90 percent of the flow range. In California an updated Rule 1118
has set new state requirements for flare stack emissions. Accuracies within +5 percent are
required for flow velocities of 0.3 m/s (1 ft/s) and higher, along with accuracies of within £20
percent for flow velocities of 0.03 to 0.3 m/s (0.1 to 1.0 ft/s).

It should be noted that the accuracy of flare or vent measurements depend on the accuracy of not
just the selected meter, but also the accuracy in measurement of the factors such as pressure,
temperature and gas composition that may affect the measurement.

The factors that can make these standards challenging to meet may include variability of the
flow, dirty or wet gas streams, inability to meet the minimum required offsets from upstream and
downstream flow disturbances, variability of the gas composition, safety concerns about
introducing any flow restrictions or significant pressure drops, high maintenance requirements,
and intolerance to vibrations or other environmental factors.

3.1.3 Installation Requirements

The flow meter should be installed at a point where it will measure the total final gas flow to the
vent or flare and be located downstream of any liquids knock-out or disengagement drum.
Additionally, operators are encourage to separately meter any purge gas or enriching gas
contributions to the total flow, as well as pilot gas consumption to allow improved management
of these flows. Otherwise, these flows often greatly exceed the minimum requirements and
become a costly inefficiency or wastage of fuel gas.

Each meter manufacturer will have specific requirements regarding the minimum upstream and
downstream distances between the meter and any flow disturbances (e.g., a vessel, valve, tee or
bend in the piping).

Typically, the physical installation requirements will comprise either a flow-through device with
an inlet and outlet connection that must be inserted in line, or an insertion device that simply
requires an appropriately sized access port on the flare or vent line. In a new (or green-field)
application neither type poses any particular challenges; however, on an existing system there are
a number of important factors to consider. These may include the following:
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The vent or flare system will need to be taken out of service and purged to install an in-
line flow meter which may require a complete facility shutdown. An insertion flow meter
can potentially be installed with the flare or vent in service using a hot-tap procedure if an
existing port is not available.

The ideal location for installing the meter may not be where there is convenient access to
electric power or a communication line to a data acquisition system if either of these is
required. The provision of such services can add significantly to the installation cost,
especially if the distances involved are large or upgrades to the data acquisition system
are required. In evaluating the need for upgrades to a data acquisition system, check that
input slots and cards exist in the controller. The use of solar power and telemetric systems
may be a viable option where local power and access to the data acquisition system are
not available or practicable to provide. It should be noted that not all flow meters require
electric power and local read-out only may be quite acceptable where the flow readings
are totalized locally.

Insertion flow meters should be mounted on the top of the pipe through glanded valves
and occupy little flow area to avoid introducing excessive flow resistance or a potential
for plugging of the line due to progressive fouling.

Meters that comprise a small orifice (such as a Pitot) should be avoided as they will
almost certainly plug up unless they feature an integral clean purge cycle.

Depending on the location, the instrument may need to be rated for use in a hazardous
location.

If the instrument will be located outside it will need to be weather resistant. Additionally,
if it will be exposed to extreme ambient temperatures it may need to be equipped with
temperature control elements.

If the meter cannot be calibrated in place under live process conditions, special provisions
may be needed to be able to remove or take the meter offline without having to shutdown
the flare or vent.

If a thermowell for a temperature transmitter and a tap for a pressure transmitter are
needed as part of the flow meter system, these should be installed on top of the header
and downstream of the flow sensor. Consider piping the pressure and temperature
readouts down to ground-level for ease of viewing.

Maintenance and Calibration Requirements

All flow meters are susceptible to deteriorated performance with time and use; although, some
are more robust than others. Most flare and vent systems, because the gas normally has not been
treated or cleaned, pose demanding service applications where there is a potential for
condensation, fouling (e.g., due to the build-up of paraffin wax and asphaltine deposits),
corrosion (e.g., due to the presence of H,S, moisture, or some air) and possibly abrasion (e.g.,
due to the presence of debris, dust and corrosion products in the piping and high flow velocities).
Pitot tubes, vane anemometers and other meters that are particularly susceptible to fouling should
be avoided in these situations.



The manufacturer’s maintenance and calibration requirements should be followed to keep the
meter in proper working order. Additionally, there may also be specific regulatory requirements
that apply. These requirements may specify the minimum calibration frequency, requirements for
maintaining calibration records and the qualifications of the person performing the calibrations.

3.1.5 Composition Monitoring

Most types of flow meters are composition dependent which means their readings are affected by
any changes in the composition of the metered fluid and, if the meter has been factory calibrated,
any differences between the process fluid and the reference fluid. Not all meters that are
composition dependent have a practical method to correct for compositional effects once the
flow meter has been installed, which may preclude their use in typical flare and vent applications
involving natural gas mixtures (e.g., thermal anemometers).

Where composition corrections are practical to perform, the required type and frequency of
composition monitoring will be determined by the degree of the compositional dependency, the
variability of the fluid composition, and the desired accuracy of the flow measurements.
Additionally, even where there is no compositional dependency, there still may be a need to
monitor the fluid composition; for example, to allow a measured volumetric flow to be converted
to a mass or energy basis (or vice versa), determine the heating value of the gas for compliance
with applicable flaring regulations, to evaluate emissions of specific pollutants of concern such
as hydrogen sulphide and sulphur dioxide, or to determine the carbon or greenhouse gas content
for greenhouse gas reporting.

There are two primary options for composition monitoring: (1) sampling and subsequent
laboratory analysis, or (2) the use of continuous analyzers. These two options are discussed in
the subsections below. The preferred choice will depend on the required frequency of the
composition monitoring which, in the absence of any relevant regulations, should be determined
based on an engineering review of the application specifics with the aim of ensuring the desired
flow and emissions accuracy objectives are achieved. At a minimum, details of the engineering
review should be documented and maintained on file for reference by facility personnel in the
event conditions or circumstances change. Notwithstanding this, the minimum monitoring
frequency should be at least once per year.

Most jurisdictions do not establish any regulatory requirements for composition monitoring on
vent or flare systems, and typically, where requirements are imposed, this would be done on a
case-by-case basis as a condition of the facility’s final operating approval.

3.1.5.1 Sampling and Laboratory Analysis

Manual sampling or sampling using an autosampler with subsequent laboratory analysis is the
normal approach used to determine the composition of a vent or flare gas. It is the least-cost
solution for low monitoring frequencies, and requires no capital investment beyond a suitable
sampling port at a location safely away from any areas of high thermal radiation (i.e., from the
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flare) and any other local hazards, and possibly the cost of an autosampler. Manual sampling or
sampling using an autosampler eliminates the need for a complex sample conditioning train such
as those required for continuous analyzers. It should be noted that measurement using either an
autosampler or a continuous analyzer is not easy to perform as significant fluctuations in
pressure, temperature, flow-rate and compositional variations in the gas flow may often occur.
Complex sample receiving equipment might be needed to cope with such situations.

3.1.5.2 Continuous Analyzers

Continuous analyzers are widely used to monitor gas composition for process streams at gas
processing plants, refineries and petrochemical facilities; however, these are usually used on
relatively clean and predictable product streams. Continuous analyzers are not often used to
monitor vent and flare gas streams at upstream oil and gas facilities as these streams can include
water, oil, rust and other particles, a very wide range of organic compounds, and high sulfur
levels. Therefore, depending on the quality of the gas stream and the requirements of the
analyzer, the samples may need to be carefully conditioned to remove water and particles. Use of
continuous analyzers may therefore require design and installation of a sample conditioning train
and these sample trains may require more maintenance than those in more conventional service.

3.1.6 Temperature and Pressure Corrections

The flow meter will need temperature and pressure compensation features to correct the
measured flow to standard conditions (101.325 kPa and 15°C) or normal conditions (101.325
kPa and 0°C). Temperatures may range from -20°C to 80°C (-4°F to 176°F) for typical vent and
flare systems and from -150°C to 100°C (-238°F to 212°F) for liquefied natural gas (LNG)
flares. Pressures typically range from 5 to 15 kPa (0.7 to 2.2 psig) in normal operation, and
during pressure relief events, only up to the design pressure of the knock-out drum at
downstream locations which is often only 170 kPag (25 psig).

Ultrasonic flow meters are perhaps the least sensitive (in terms of accuracy) to large temperature
and pressure variations due to the speed of the measurements (i.e., on a millisecond time scale)
and the absence of any significant non-linear temperature or pressure corrections in the applied
measurement principle. Flow meters that would be most sensitive to temperature and pressure
fluctuations would be orifice and venturi meters, velocity probes and positive displacement
meters.

3.1.7 Multi-phase Capabilities

Normal practice, if there is a potential for liquids in the system, is to install a liquids knock-out
or disengaging drum and measure the gas flow rate leaving the drum. If the gas stream contains
high concentrations of condensable hydrocarbons (as is the case for vapors from crude oil
storage tanks and treaters), the gas flow meter should be installed as close as possible to the
knock-out drum and consideration should be given to insulating and heat tracing the line.



Even with the above precautions, the selected flow meter should be able to operate reliably in the
presence of some condensation and fouling. Typically, transit time ultrasonic flow meters and
orifice or venture meters are most suited to these applications; although, for low flow rates,
turbine meters may also be an option.

3.2 Monitoring Records

To comply with typical regulatory requirements, monitoring records should be kept for at least 5
years. These records should comprise the flow measurement data, hours the monitor is in
operation, and all servicing and calibration records. Periods of missed monitoring should be
limited to 15 consecutive days and no more than 30 days total per calendar year.

During periods when monitors are out of service, flows should be calculated and compositions
should be determined by sampling. Monitors should be maintained and calibrated in accordance
with the manufacturer’s requirements. Electronic data loggers used to record data should be
capable of one-minute averages and should record flow data as one-minute averages. Continuous
composition analyzers do not produce one-minute averages, as the cycle for such an analyzer
may take 15 minutes or more.

The following information should be documented for each flow meter: type, manufacturer, serial
and model number, calibration date, meter factor, method of temperature and pressure
compensation, operating limits, accuracy, whether it has a by-pass and servicing requirements
and records.

3.3 Flow Verification

Where verifiable flaring or venting rates are desired, the systems should be designed or modified
to accommodate secondary flow measurements (see Section 4) to allow an independent check of
the primary flow meter(s) while in active service. This generally means providing one or two
spare ports on the flare header, depending on the test method to be accommodated. One port
should be 1” NPS in size (25.4 mm in diameter) and fitted with full-port valve to allow it to
accommodate an insertion probe. The port should be positioned on the top of the flare header at a
location where the total flow can be safely measured and where it is 20 pipe diameters
downstream and 5 pipe diameters upstream of any flow disturbances. The second port should be
located at least 20 pipe diameters upstream of the first port at a point where there will be flow in
the header. It would potentially be used to inject a tracer gas. If there is a significant difference
between the data produced by the primary flow meter and the verification method, this should
trigger further investigation to resolve these discrepancies.

An alternative option for flow verification, as measured by the primary meter, is process
simulation (see section 5.3).

Meter manufacturers should always be consulted as they may be able to advise alternative, more
easily undertaken, methods of meter verification.
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4 ELOW TEST METHODS

The following sections delineate test methods that may be considered for making spot checks or
determinations of flows in vent and flare headers (for example, where installation of a permanent
monitoring system is not practicable, where preliminary flow information is sought, or as a
secondary measurement for verification of a primary monitoring system). In these situations, the
practical technologies and methodologies are those that do not require a shutdown to perform.
Because of the limited duration of the tests, some methods that would not be suitable for use in
continuous applications may be considered (i.e., fouling issues become less of a concern). Most
of the presented options involve opening ports on the flare or vent header and potentially having
personnel working in close proximity to the flare. Consequently, safe work procedures and field
level risk assessments are need to ensure the work is done in a safe manner. The potential for
worker exposure to excessive thermal radiation, toxic gas releases or high pressures (i.e., in the
event of a pressure relief event) needs to be given particular consideration. Where applicable, it
may be necessary to provide supplied breathing air and limit both how close and how far
upstream from the vent or flare stack the measurement may be performed.

4.1 Insertion Flow Meters

These methods involve inserting a suitable intrinsically safe velocity probe through a valve and
gland assembly on the top of the vent or flare pipe, and conducting a velocity traverse (i.e.,
measuring the flow velocity at various points across the pipe diameter). The velocity traverse
should be conducted in accordance with local regulatory standards for measuring flows in ducts.
In the absence of any such standards it is recommended that US EPA Method 1 be used for pipes
greater than 12 NPS in size and Method 1A be used for smaller sized pipes.

The port should be located at least 20 pipe diameters downstream and 5 pipe diameters upstream
of any flow disturbances at a location where the total flow can be measured. Potential options for
the velocity probe include a thermal anemometer (subject to the constraints mentioned in Section
3.2.2), a Pitot or a micro-tip vane anemometer. All probes will need to be rated for use in a Class
1, Division 1 hazardous location and should be long enough to extend across the full pipe
diameter. Where a suitable port is not available, consideration should be given to installing one
during a shutdown or using a hot tapping technique.

A thermal anemometer or Thermal Mass Flowmeter offers the greatest sensitivity and flow range
capability but cannot be used in wet gas applications. Pitot tubes, because of the 90° bend near
their tip can be difficult to maneuver through the valve into the pipe, especially if there is a long
nipple on the port or the port is too small in diameter. The micro-tip vane anemometer avoids
any composition dependencies but will be most susceptible to fouling and may need to be
cleaned between replicate measurements.
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4.2 End-of-pipe Flow Measurements

The velocity traverses discussed in Section 4.1 may be performed at the open end of a vent
system, provided safe access to this point is available and there is no potential for an unsafe
condition to arise while the measurement is being performed (e.g., due to a sudden pressure relief
episode or the presence of H,S in the gas). Additionally, some types of in-line flow meters (e.g.,
diaphragm or turbine meters) may be connected directly to the end of the vent, or by using a
piping or hose extension. This is subject to the same safety issues as for 'open-end'
measurements. As well, it must be ensured that the meter will not introduce an excessive
backpressure on the vent system and that the pressure limits of the meter are not exceeded.
Bagging techniques may also be an option for low flow rates; this involves measuring the time to
fill an impermeable bag of known volume which is used to capture the total flow from the vent.

4.3 Tracer Dilution Techniques

This method involves injecting a tracer gas at a known rate into the vent or flare header and
analyzing samples of the gas taken from a suitable downstream location, both before and during
the test, to determine background and test concentrations of the tracer compound. A mass
balance may then be performed to determine the total gas flow needed at the sample point to
produce the observed amount of tracer dilution.

The tracer can be injected at any convenient upstream location where there is at least partial flow
in the header. The downstream location must be at a location where total vent or flare gas flow
occurs and where the tracer has become fully mixed with the header gas (i.e., at least 20 pipe
diameters downstream of the injection point). To obtain reliable data, full mixing of the tracer is
essential. At least one sample should be taken before the start of the tracer injection for the
background determination and triplicate samples should be taken during the test to allow flow
variance to be determined. Sufficient time must be allowed after starting the tracer injection for
the tracer gas to reach the downstream sample location. The selected tracer gas should be a stable
or inert substance that can be detected at very low concentrations, non-hazardous and readily
available at a reasonable price (e.g. sulphur hexafluoride, SFg). While onsite analysis of the
samples is preferable to allow early feedback on whether the test has been successful, off-site
analysis by a reputable commercial laboratory is also acceptable.

4.4 Pulse velocity technique

This technique is usually performed using gaseous radioactive tracers. The use of this technique
is fully described in BS 5857-2.4 1980, 1SO 4053-1V:1978.

A sharp pulse of suitable gaseous radioactive tracer is injected into the flare gas line downstream
of the flare gas knock out drum, and its passage recorded by two suitably spaced externally
mounted detectors downstream of the injection point. The first detector needs to be sufficiently
far from the injection point to ensure lateral mixing of the tracer. The second detector should be
sufficiently downstream of the first detector such that the transit time between the detectors is
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greater than the mean spatial dispersion of the tracer at each of the detector positions to ensure
that the detections do not overlap.

The transit time of the tracer between the two detectors is determined from the difference in
times between the centre of gravity of the response curve at each detector. From the pipe
diameter, detector spacing and the tracer transit time, the volume flowrate can be calculated.

The uncertainties in flowrate measurement are affected by a number of factors such as
determination of the transit time, the physical separation of detectors and knowing the effective
cross sectional area. These factors can be minimized by measuring the pipe wall thickness and
ovality.

Whilst it is difficult to accurately estimate the uncertainties before performing such

measurements, experience has shown typical uncertainty values of 3 to 4% under normal
conditions and of 1% or better under ideal conditions.
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5 ESTIMATION METHODS

5.1 Use of GOR Data

Relevant applications for this method are where oil production at a facility is measured but gas
production is not. In these cases, it is reasonable to estimate vented and flared volumes using
gas-to-oil ratio (GOR) data for the wells feeding the facility, provided these data are accurate,
repeatable and applicable to the crude oil production rates at the time, and that accurate
corrections are made for any onsite uses of the gas (e.g., fuel, supply medium for pneumatic
devices, blanket gas). The overall objective should be to achieve a vented or flared volume
estimate consistent with the accuracy targets presented in Section 3.1.2.

GOR values vary with the crude oil production rate, change with the extent of reservoir depletion
and may become erratic at certain critical flow rates (e.g., due to slug flow conditions,
reciprocating pumping actions, gas breakthrough in the reservoir, and other effects).
Accordingly, the quality and applicability of the available GOR data needs to be established
based on the trend data for at least a 24-hour continuous test conducted at the normal production
rate. If the data are erratic or noteworthy transient effects are apparent, additional or longer tests
may be needed to achieve reliable steady-state results. Supporting documentation on the GOR
data should include the following:

Description of the test apparatus used.

Graphical summary of the oil and gas flow rates during the test period.

Details on the types of flow meters used for both the oil and gas measurements.

Meter calibration records.

Criteria used to evaluate the measurement results and determine the success or failure of
the test.

A GOR is determined by separating the well effluent into its constituent phases (e.g., oil, water
and gas) and separately measuring the flow of each of these phases. The results are then
corrected to account for any gas or water vapor that may remain in solution in the oil phase. The
instantaneous measurement accuracies typically expected are with +0.25 percent for liquid
phases and within £1 percent for gas. Turbine or Coriolis meters are most commonly used for the
liquid phases.

The actual accuracy of a given GOR value when subsequently used to estimate gas production
rates will depended on a number of factors including the variability of the flow during the test,
the duration of the test, the applicability of those conditions to the current operating conditions
and any changes in the well’s characteristics since the test was performed. Typically, if a 24-hour
or longer test has been conducted, the test conditions are representative of the current operating
conditions and the flow was stable during the test period and remains stable, the GOR may be
expected to be accurate to within £10 percent. If the flow conditions are cyclic or erratic, the
determined GOR value may only be accurate to within £50 percent. GOR values determined
based on short duration tests (i.e., less than 24 hours long) involving unstable flow, substantially
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different flow conditions than current operations or where well characteristics have changed with
time can easily be in error by £400 percent or more.

The application of a GOR value to total oil production provides an estimate of total gas
production. To determine total vented or flared gas, this value must be discounted to reflect all
other fates of the gas (e.g., re-injected, fuel, conserved, storage tank flashing losses, process off-
gas, etc). Namely, a mass balance must be performed as described in Section 5.2. Where GOR
values are declining with time, which is often the case in the absence of any gas reinjection, there
will be a tendency to overestimate gas production if the GOR data have aged. Although, trapped
gas can eventually break through and cause occasional spikes in gas flows (primarily for older
producing wells) resulting in an underestimate of gas production. If the GOR values are
increasing with time, there will be a tendency to underestimate gas production.

5.2 Mass Balance

Total continuous venting or flaring at a facility may be estimated as the difference between the
measured or calculated flow rate of all input and output gas and vapor streams less any
quantifiable onsite uses and process shrinkage. This approach should only be used where the
determined venting or flaring rate is large enough, relative to the absolute errors in the other data
used in the calculation, to achieve the accuracy targets presented in Section 3.1.2.

One problem with these types of mass balances is that the accuracy of the flow measurements on
the raw inlet streams may be much less than for the final output streams. This is partly because
the raw inlet streams may be more technically challenging to measure (e.g., due to greater
fouling potential and possibly variability in stream composition) and the fact financial
accounting is normally done based on the readings from the final sales meters so their accuracy
is more carefully maintained and monitored. Additionally, there may not be meters on all
withdraws (e.g., fuel use may be estimated rather than measured).

Total intermittent venting or flaring at a facility may be estimated based on the number and type
of contributing events, and a mass balance assessment of the amount of gas or vapor released per
event for each type. For example, the amount of gas released from a blowdown or
depressurization event can be estimated based on the internal volume of the vessels, piping and
equipment being depressurized and their initial and final pressures and temperatures. Similarly,
emissions from activities such as compressor starts can be estimated based the manufacture’s
data for the pneumatic starter. It is good practice to either program these calculations into the
facility’s control system, or prepare look-up charts and event tracking tables for use by the
facility operators.

Where a mass balance approach is used to determine total flared volumes, there will be an
inherent assumption that emissions due to fugitive equipment leaks, evaporation losses and any
other activities or sources that may release natural gas and crude oil vapors directly to the
atmosphere are negligible. Some of these contributions may be estimated using standard
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emissions inventory methods; however, these estimates will be highly inaccurate for individual
or small numbers of sources.

The accuracy of a vented or flared volume determined using the mass balance approach is highly
dependent on the magnitude of the volume relative to the total gas production and the accuracy
of the available input and output flow measurements. At oil production facilities where most of
the produced gas is vented or flared, the accuracy of the mass balance approach might be
expected to be within 15 to £25 percent. If the determined vented or flared volume is less than
the combined error in the input and output volumes, then the result will be meaningless.

5.3 Process Simulation

Process simulations allow a more disaggregated assessment of continuous emissions than a high-
level mass balance approach (i.e., vented or flared contributions can be determined by individual
process unit), but generally are not applicable to estimating intermittent vented or flared
volumes. In addition to the measured flow rates of the primary input and output streams, process
simulations require stream composition data and process temperatures and pressures.
Commercial process simulators are typically able to predict vented or flared overhead streams
from individual process units with accuracies of within £5 to 10 percent for most oil and gas
applications where the input data is accurately known. These simulations do not account for
potential leakage into the vent or flare systems or any other unintended or undetected effects that
may be occurring.

Process simulations are commonly used to verify flows measured by the primary meter.
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7  GLOSSARY

Associated Gas -

Control Efficiency -

Combustion Efficiency -

Combustion System,
Enclosed -

Combustion System,
Shielded -

Flaring, Emergency -

Flaring, Routine -

Hot Tapping -

hydrocarbon gas produced in association with oil and present as a
gas at wellhead or inlet separator conditions.

the extent to which targeted emissions from a given source are
reduced by a specific control measure or control device (e.g., vapor
recovery, vapor treatment, floating roofs, process optimization,
etc.).

the extent to which all reactive material in the feed has been
completely oxidized.

a combustion device featuring a chamber (e.g., a refractory lined
tube) designed to retain flame heat for a minimum residence time
and thereby promote post flame combustion.

a combustion device featuring a barrier designed to shield
personnel and equipment from thermal radiation or to obstruct
vision of the flame.

occasional flaring of unprocessed or semi-processed gas due to
temporary process upset conditions or emergency relief events.

flaring of regular waste gas volumes produced during normal
startup, operating, shutdown and maintenance activities. This may
include, but is not limited to, all continuous and intermittent waste
gas volumes from process vents, and from routine depressurization
and purging activities (for example, compressor start gas, treater
off-gas, dehydrator off-gas, equipment blowdown, waste stock
tank vapors, and waste associated gas).

a technique used for welding on, and cutting holes through,
pressurized vessels and piping using special equipment and
procedures to ensure that the pressure and fluids are safely
contained when access is made. Many companies have specific
hot-tap procedures. Specific concern addressed by these
procedures include:

e Burn-though of the line while installing the nozzles and
possible fire.

e Malfunction of the hot-tapping machine preventing it from
being removed and/or loss of the hot-tap coupon.

e Communication of the hot tapping plan between those
performing the work and the facility control room.
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Oil Battery -

Positive
Displacement Meter -

Purge Gas -

Solution Gas -

Staged Flaring -

Vapor Collection System -

Vapor Recovery Unit -

Vapor Disposal Unit -

e Personal Protection Equipment (PPE) and firefighting
response.

an arrangement of tanks or other surface equipment receiving
effluent from one or more wells prior to delivery to market or other
dispositions. A battery may include equipment and devices for
separating and metering the well effluent into oil, gas and water.

a flow meter that measures the volume or flow rate of a moving
fluid or gas by dividing the media into fixed, metered volumes.
These devices consist of a chamber that obstructs the media flow
and a rotating or reciprocating mechanism that allows the passage
of fixed-volume amounts.

an inerting or enriching gas supplied to a process piping system
and/or vessels to safely maintain conditions therein below the
lower flammable limit or safely above the upper flammable limit,
respectively. In a flare system, purge gas is used to prevent air
infiltration (e.g., burnback at the flare tip), and to maintain
conditions throughout the piping system safely outside the
flammability envelope.

hydrocarbon gas originally in solution with (i.e., dissolved in) the
produced oil at wellhead or inlet separator conditions, but released
as a vapor when the oil is brought to stock-tank conditions.
Solution gas includes treater off-gas, gas-boot off-gas, and stock-
tank vapors, as applicable.

a multi-burner flare system in which the number of available
burners used is controlled to suit the actual flow rate.

a piping system (including any associated valves, blowers, fans,
flow inductors and safeguarding features) used to collect gas/vapor
from one or more sources and transport them to a vapor recovery
or disposal unit.

a system designed to conserve or utilize a waste-gas stream.
an end-of-pipe device used to dispose and possibly treat waste

gas/vapors (e.g., vent, flare, incinerator, carbon adsorption unit,
etc.).
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8 APPENDIX |- MEASUREMENT TECHNOLOGIES

A comparison of the flow measurement technologies that may be considered in vent and flare
gas applications is presented in Table 2; the basic capabilities and limitations are indicated. The
noted flow capacity, rangeability (i.e., ratio of the maximum to minimum applicable flow) and
inaccuracy of each technology are for ideal conditions involving fully-developed flow of clean
dry gas (i.e., to provide a standard basis for comparison.

Table 2. A comparison of gas flow measurement devices.

Type of Flow Type of Applicable Flow Straight Pipe Net Inaccuracy | Composition | Suited for Other
Meter Measurement Pipe Capacity Requirements Pressure Dependent ? Wet or Restrictions
Diameter and/or Loss Dirty
(D) Rangeability Fluid
Venturi Tube AP 5to120cm | 10:1 flow 6to 20 D up 10 to 20% +1% to Yes Yes Eliminate swirl
(2to48in) | rangeabilityl. | 2t040D of AP 2% of full and pulsations.
down depending scale. Gas temperature
on 3 dependent
Orifice Plate AP 1.3t0 180 5:1 flow 6to 20 D up High relative | +2% to Yes Yes Eliminate swirl
cm rangeability. 2t040D to other AP 4% of full and pulsations.
(12t0 72 down meters scale. Gas temperature
in) dependent
Bellows (or Volumetric Maximum of None 0.5 kPa (0.1 +0.1% of No No Used for
Diaphragm) 13,130 and psi) flow rate. commercial and
283 m3/h @ domestic gas
34,172 and service. A filter is
690 kPa normally installed
(450, 4600 immediately
and 10,000 upstream of the
scf/h @ 10, meter to remove
25 and 100 particulate.
psig);
Greater than
200:1 flow
rangeability.
Turbine Volumetric 0.64 to 60 6,500 m3/h 10 D up 34to41kPa | +0.1% of No Limited Flow
cm (230,000 5D down (5to 6 psig) | flow rate. straightening
(1/410 24 scf/h) @ 6.1 m/s vanes beneficial.
in) 20:1up to (20 ft/s) Do not exceed
100:1 flow maximum flow.
rangeability Susceptible to
for large fouling.
meters
operating at
9,700 kPa
(1400 psig).
Vortex Shedding Velocity 25t030cm | 0.30to 6.1 10 to 20D up 34to41kPa | +2% of No Limited Flow
(1to12in) m/s 5D down (5to 6 psig) | flow rate. straightening
(1to 30 ft/s) @6.1m/s vanes beneficial.
(20 ft/s) Susceptible to
pulsation and
vibration
Transit-time Velocity >0.32cm 0.03 to 100 10to30Dup | None +2%to No Moderate | Elimination of
Ultrasonic (>1/8 in) m/s (0.1 to 5to10D 5% of swirl.
328 ft/s). down value.
2000:1 flow
rangeability
Optical Velocity 0.03 to 100 10to30Dup | None +2.5%to No Moderate Elimination of
m/s (0.1 to 5to10D 7% of swirl.
328 ft/s). down value.
2000:1 flow
rangeability
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Table 2. A comparison of gas flow measurement devices.

Type of Flow
Meter

Type of
Measurement

Applicable
Pipe
Diameter

(D)

Flow
Capacity
and/or
Rangeability

Straight Pipe
Requirements

Net
Pressure
Loss

Inaccuracy

Composition
Dependent ?

Suited for
Wet or
Dirty
Fluid

Other
Restrictions

Thermal
Anemometer
(Thermal Mass
Flowmeter)

Velocity
(mass)

1000:1 flow
rangeability.

8to 10D up
3 D down

Very low

+1% to
3% of flow
rate.

Yes

No

Probe positioning
critical. Highly
fluid
composition
dependent for
volume
measurement.
Gas temperature
dependent
Susceptible to
fouling.

Rotameter

Velocity

1.3t0 10
cm
(1/2to0 4
in.)

10:1 flow
rangeability.

None

Low

+1to2%
of full
scale.

Yes

Must be mounted
vertically. Gas
temperature
dependent

Micro-tip Vane
Anemometer

Velocity

5t0>91 cm
(2to>36
in)

10:1 flow
rangeability.

8to 10 D up
3 D down

Low

+ 2% of
flow rate.

No

Limited

Probe positioning
critical.
Susceptible to
fouling. Gas
temperature
dependent

Pitot Tube

Velocity

5to>183
cm (2 to
>72in)

3:1 flow
rangeability.

8to 10 D up
3 D down

Low

+0.5t0 5%
of full
scale.

Yes

Limited

Critically
positioned
Probes.

Highly fluid
composition
dependent.
Susceptible to
fouling. Minimum
Reynolds number
0of 20,000 to
50,000.

Note:

1. The flow rangeability is the turndown ratio of the meter expressed as the ratio of the maximum flow to the minimum flow.

2. Applies only to measurement of flow rates. To measure mass flow rates, gas density data is required for all meters.

A key issue that also must always be addressed is the RISK OF BLOCKING THE FLARE OR
VENT LINE. This risk is addressed in the design standard for flare systems (1SO 23251).

8.1 Differential Pressure Meters

Differential pressure meters (e.g., orifice meters, venturi meters and annubars) use the pressure
drop created within a flow element to determine the flow rate of a fluid. This is determination is
made using Bernoulli’s Equation, which relates pressure decreases with increased flow velocity.
A pressure sensor is installed at a fixed upstream location where the flow is unaffected by the
presence of the flow element, and at a downstream location where the flow velocity has reached
a maximum due to the restriction caused by the flow element (e.g., at the throat of the venturi or
in the short jet region downstream of the orifice plate). The pressure difference between the two
sensing points and information on the size of the flow element are used to calculate the gas flow
rate. Density corrections are applied to the results based on the composition and absolute
temperature and pressure of the fluid. The American Gas Association provides detailed
procedures, AGA-3 (or API-2530/1SO-5167), for performing these calculations. Modern
differential pressure meters feature an onboard flow computer for performing these calculations.
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Overall, differential pressure meters offer a rugged design that can withstand harsh process
conditions and tolerate the presence of some liquids. Their main disadvantages are their limited
operating range and the flow resistance they introduce, which, for vent and flare gas
measurements, tends to exclude them from use on pressure relief systems. Additionally, while
they have no moving parts, maintenance can be intensive. Accuracy, under well-behaved
conditions, ranges from within £1 to +5 percent of full scale. Compensation techniques can
improve accuracy to within £0.5 to +1.5 percent of full scale.

Orifice and venturi meters are the most common style of differential pressure flow meter. They
are inline flow meters and are the most widely used technology for measuring gas flows in
upstream oil and gas production accounting applications. They can be used to measure fluid flow
in pipes with diameters of approximately 1.3 to 180 cm (0.5 to 72 in.).

8.1.1 Orifice Meters

Orifice meters comprise a removable metallic orifice plate installed perpendicular to the flow.
The size of the orifice is determined by the design flow conditions and is machined to tight
tolerances. The meter features a changer which allows the orifice plate to be removed and
inspected or replaced while the meter is in service so the operating range can be periodically
changed if needed. The rangeability is less than 5:1, and accuracy, even under ideal conditions, is
moderate at within £2 to £4 percent of full scale. Maintenance of good accuracy requires a sharp
edge to the upstream side of the orifice plate. This edge will wear and degrade over time.

Pressure loss for orifice plates is high relative to other types of differential pressure elements.
Orifice plates are sensitive to build up of valve lubricant or other coating material and should be
checked regularly. A %" build-up can introduce errors of up to ~30 percent. Plates should also be

checked for warping (a %" warp can introduce up to 10 percent error).

8.1.2 Venturi Meters

Venturi meters comprise a converging diverging nozzle. They offer increased durability and
accuracy compared to an orifice meter, but their operating range is fixed for the specified process
conditions. Pressure loss is low, making it a good choice when little pressure head is available.
Rangeability, while better than orifice plates, is less than 6:1, with an accuracy of within +1 to +2
percent of full scale under ideal conditions. Flow must be turbulent (i.e., Reynolds numbers >
10,000).

Venturi flow meters are widely used for wet gas applications that involve measurement prior to
any form of separation or fluid processing. Among their advantages are the following (DTI,
2003):

e They do not ‘dam’ the flow (unlike orifice plates).

e They can be operated at higher differential pressures than orifice plates without incurring
permanent meter damage (practical differential pressures up to about 200 kPa or 29 psi
can be contemplated).
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e They have a relatively high rangeability (typically 10:1) when used with re-rangeable
differential pressure transmitters.

8.2 Insertion Flow Meters or Velocity Probes

An insertion flow meter is a velocity probe that measures the flow velocity at the tip of the
probe. The velocity readings are converted to a flow rate based on the diameter of the pipe, the
assumed flow profile and the position of the probe tip across the pipe diameter. For permanent
installations, the probe tip normally is inserted to the centre third of the pipe diameter and is
fixed in this position. With a single-point velocity measurement it is not possible to detect and
correct for asymmetrical flow profiles or flow profiles that are not fully developed.
Consequently, insertion flow meters require greater offsets than other flow meters in terms of
numbers of pipe diameters from any upstream or downstream flow disturbances. These offsets
can be difficult to achieve for large pipe diameter applications. Additionally, for large diameter
applications, the probe can bend or even fail during high velocity events.

Without self-diagnostics, preventative maintenance programs should be implemented and the
probes extracted at least quarterly for inspection and cleaning.

There are three main types of insertion flow meters: thermal anemometers, micro-tip vane
anemometers and Pitot tubes. All of these have been tested in flare metering applications. Vane
anemometers and Pitot tubes are limited to approximately 3:1 flow rangeability.

8.2.1 Thermal Anemometers (Thermal Mass Flowmeter)

A thermal anemometer — also known as a Thermal Mass Flowmeter - works by either measuring
the electric current required to maintain a hot wire or element at a constant reference temperature
when inserted into the gas flow, or by measuring the temperature change in the wire/element for
a constant supplied heating current. In either case, the heat lost or cooling effect due to fluid
convection is a function of the fluid velocity. The thermal conductivity and specific heat of the
fluid are assumed to be constant. Changes in density cause calibration shift, and coating of the
sensor can cause drift.

Thermal anemometers have fast response times and rangeabilities of up to 1000:1 when flow
calibrated using air or methane. They do however need significant correction for changes in gas
composition. Accuracy levels typically range from within £1 to +3 percent of reading under ideal
conditions.

These meters are calibrated at the factory to air or one of a limited number of other gas options
offered by the manufacturer (e.g., methane). Features are not provided for routinely correcting
the readings for compositional differences between the reference fluid and the actual fluid.
Consequently, for quantitative flow measurement, their use is limited to applications involving a
relatively consistent gas composition, similar to that of the reference calibration gas. Otherwise,
the meter simply provides an indication of the relative changes in flow rather than an accurate
reading of the amount of flow.
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Thermal anemometers are highly sensitive to the presence of liquids or condensation in the gas
stream and therefore are not appropriate for use in applications involving wet or condensing
gases (e.g., treater or stabilizer overheads, flash gas or tank vapors). Additionally, they tend to
have more stringent temperature limitations than most other types of flow meters.

8.2.2 Pitot Tubes

A Pitot static tube measures the total pressure (or impact pressure) at the nose of a Pitot tube and
the static pressure of the gas stream at side ports. The difference of these pressures (i.e. the
dynamic or velocity pressure), varies with the square of the gas velocity. This pressure reading is
converted to a flow velocity using Bernoulli’s Equation and therefore has the same temperature,
pressure and composition dependencies as a differential pressure meter (see Section 3.2.1).

With an "annubar", or multi-orifice Pitot probe, the dynamic pressure can be measured across the
velocity profile, and the annubar obtains an averaging reading.

Pitot tubes are not appropriate for low velocity applications or where harmonic vibrations in the
probe cannot be avoided. Also, multiphase fluids, such as a gas with significant amounts of
entrained liquid are not good applications for this technology. Dirty gas or liquid flows can cause
problems with the sensing ports on the Pitot tubes. Purging systems can be used to reduce or
eliminate blockage in some of these applications.

The rangeability is 3:1, and accuracies of Pitot tubes vary from +0.5 to £5 percent of full scale
under ideal conditions.

8.2.3 Micro-tip Vane Anemometers

A micro-tip vane anemometer features a small rotor at the tip. The rotor is designed with a
specific number of blades positioned at a precise angle to the flow stream.
The gas impinges on the rotor blades causing the rotor to rotate, with the angular velocity of the
rotor being directly proportionally to the gas velocity. In permanent application, clean dry gases
are required to prevent fouling of the bearings.

Assuming the probe does not occupy a significant portion of the flow area in the pipe, it will
cause negligible pressure drop, but due to the local velocity measurement, the measurement
uncertainty is higher than for conventional full-bore turbine meters. The typical flow range for
such meters is up to 30 m/s and the rangeability is 10:1. Accuracies are 2 percent of reading
under ideal conditions.

Micro-tip vane anemometers rated for use in hazardous environments are not common but are
available.

8.3 Vortex Shedding Flow Meters

Vortex shedding flowmeters are an alternative to differential pressure based flowmeters. They
feature a bluff body, which, in the presence of fluid flow, causes vortices to be alternately shed
on each side of the body resulting in an oscillating pressure gradient. The frequency of the
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vortices increases linearly with increasing flow. Vortex flow meters have rangeabilities as high
as 30:1 and an accuracy of within +2 percent under ideal conditions. Additionally, they have
low-pressure drops and no moving parts.

Vortex flowmeters in gas service are not suited to situations where pulsation or vibration levels
in the gas are high, or the Reynolds number or flow velocity is low (i.e., where Re < 5000).

8.4 Transit-Time Ultrasonic Flow Meters

This type of meter determines flow velocity by measuring the transit time required for an
ultrasonic pulse to travel through the flow between two fixed transducers usually positioned
diagonally across the pipe diameter. Two sets of transit time measurements are performed, one
with the wave traveling with a positive flow component and one in the reverse direction resulting
in a negative flow component. This information can then be used to solve for the path-integrated
flow velocity and the speed of sound in the gas. The instrument applies its own correction factor
to convert the path-integrated flow velocity to an average flow velocity which can then be used
to determine flow rate for the given pipe diameter. Velocities as low as 0.03 m/s (0.1 ft/s) and as
high as 100 m/s (328 ft/s) can be measured. Accuracies range from +2.0 percent of measured
value up to 25 m/s and =5 percent of measured value from 25 to 100 m/s. Rangeabilities up to
2000:1 may be achieved.

The transducers must be wetted to the flow (i.e., must be inserted through the pipe wall and
brought into direct contact with the flowing fluid) to launch a strong enough ultrasonic pulse able
to stand out above normal flow noise. The transducers do not need to extend into the flow so
they do not introduce any pressure drop. To ensure proper alignment and positioning, the
transducers are normally installed on a spool piece at the factory, which is then installed as an
inline flow meter.

Particular advantages of transit-time ultrasonic flow meters, beyond those already mentioned
above, are they can tolerate a certain amount of condensed liquid aerosol or dust and are not
affected by gas composition; however, they should not be used for the measurement of wet gas if
the liquid content is expected to exceed 0.5 percent by volume, as too high a liquid content will
cause excessive signal attenuation.

Ultrasonic flow meters also perform well for conditions involving extreme fluctuations in
temperature and pressure. They have no internal parts that can drift and cause inherent errors.
Calibration needs are greatly reduced compared to other flow meters that have compositional
dependencies or are susceptible to fouling such as orifice meters and insertion flow meters.
Although not necessary for normal flare and vent applications, transit-time ultrasonic flow
meters also determine flow direction.

The speed of sound result can be used to estimate the molecular weight of the gas by assuming
perfect gas behavior. This information can be used to help identify the source of the flare gas on
emergency flare systems.

8.5 Optical Flow Meters

Optical flow meters, using lasers or LED light, detect the perturbations in light beams resulting
from turbulence or small particles in the gas stream. Typically, the specific pattern of each set of

25



perturbations is identified by two optical sensors using correlation techniques. By tracking the
time-of-flight of the perturbations between sensors placed a known distance apart, the average
velocity, and hence the flow rate, of the gas stream can be calculated.

Optical meters do not interact with the flow and are insensitive to changes in gas composition,
pressure or temperature. They are also less prone than other meters to loss of signal at very high
flow rates. The sensors are located behind glass windows to protect them from the gas flow, but
build-up of residues or dirt on the windows, or fogging in wet gas conditions, may impair the
meter’s function. Use of heated windows, and/or air-purge systems to remove dirt, may remove
this drawback.

Optical meters are available as insertion probes for large diameter lines, with the advantage of
easy, weld-free installation. For smaller line sizes (<6 inch diameter), an alternative is a meter
that can be installed between flanges is also available.

Rangeability is quoted by manufacturers to be 2000:1 (from 0.03 m/s to 100 m/s), though below
0.1 m/s uncertainty in the measurement increases significantly as the number of detectable
perturbations is very much reduced. Above 0.1 m/s, the quoted accuracy is from 2.5% to 7% of
measured value.

8.6 Positive Displacement Meters

Bellows (or diaphragm) and rotary vane meters are the primary type of positive displacement
meter used for measuring gas flows. They have high accuracies (i.e., up to +0.1 percent of
value), rangeabilities of up to 200:1 but cannot be used on wet or dirty gas streams. Therefore,
they are not suited to most flare or venting applications. They are perhaps best suited to
measuring instrument vent gas, or purge, pilot, enriching or blanket gas flows.

8.7 Rotameters

A rotameter consists of a tapered vertically oriented glass (or plastic) tube with a larger end at
the top, and a metering float which is free to move within the tube. The rotameter operates with a
relatively constant pressure drop. The fluid to be measured enters at the bottom of the tube,
passes upward around the float, and exits the top. When no flow exists, the float rests at the
bottom. When fluid enters, the metering float begins to rise. The position of the float changes as
the increasing flow rate opens a larger flow area to pass the flowing fluid. The tube can be
calibrated and graduated in appropriate flow units.

Rotameters for use in gas service typically are provided with calibration data and a direct reading
scale for air. The readings can be easily corrected to standard pressure and temperature and to
account for different gas compositions. Small glass tube rotameters are suitable for working with
pressures up to 3450 kPag (500 psig), but the maximum operating pressure of a large (2-in
diameter) tube may be as low as 690 kPag (100 psig). The practical temperature limit is about
200°C (400°F). In general, the allowable operating pressure of the tube decreases linearly with
increasing operating temperature.
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Rotameters typically have a flow rangeability of up to 10:1. The accuracy may be as good as
within £1 to +2 percent of full scale rating under ideal conditions.

Laboratory rotameters can be calibrated to an accuracy of within £0.50 percent over a 4:1 range,
while the value for industrial rotameters is typically £1 to +2 percent of full scale over a 10:1
range. Purge and bypass rotameter errors are in the +5 percent range.

Rotameter accuracy is not affected by the upstream piping configuration. The meter also can be
installed directly after a pipe elbow without adverse effect on metering accuracy. Rotameters
offer limited self cleaning capabilities because, as the fluid flows between the tube wall and the
float, it produces a light scouring action that can help prevent the buildup of foreign matter (e.g.,
dry particulate matter). This scouring action is not effective on any sticky residues or wet
material that may enter the rotameter; therefore, rotameters should be used only on relatively
clean fluids which do not coat the float or the tube.

8.8 Turbine Flowmeters

Turbine meters are an inline flow meter in which axial fluid flow acts on turbine vanes causing
them to rotate in direct proportion to the flow rate. The rangeability of these meters can reach
100:1 if the meter measures the rate of a single fluid at constant conditions. Accuracies up to
within £0.1 percent of reading are possible.

Turbine meters are mainly suited for low pressure and smaller volumes of gas; although, they
have also been used for high pressure and higher volume applications. They are sensitive to flow
profile and vibration, and remain particularly susceptible to damage by any liquids present in the
gas. Having moving parts, they usually require frequent calibration. Partially open valves
upstream from a turbine meter can cause significant errors. Typically, turbine meters require
upstream flow straightening vanes.
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